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ABSTRACT: Shale matrix alteration resulting from fracturing
water−rock interactions has become a major concern. It
significantly affects economic production from shale gas formation.
Previous studies mostly failed to investigate the thickness of the
water intrusion zone and quantified its effects on shale geophysical
alteration. As a result, we present a one-dimensional counter-
current water imbibition model in which capillary pressure and
chemical osmosis stress are included. This model is used to predict
water front movement with respect to soaking durations. Based on
the simulation results and theory derivations, the matrix porosity-
permeability and mechanical alteration models are set up to reveal
shale geophysical variables change due to shale−water interactions.
Our results show that during the water imbibition process, capillary
pressure plays a more crucial role than osmosis pressure. Furthermore, both core-scaled porosity and permeability are negatively
associated with water saturation, the extent of which depends on different driving forces and penetration depth. Finally, water
soaking is quantitatively demonstrated to induce an increase in compressive strength and stress sensitivity but a reduction in the
elastic modulus. These findings will provide efficient insights into driving mechanisms involved in the water−rock interactions. The
study is useful to be incorporated into production models for predicting hydrocarbon production from shale reservoirs.

1. INTRODUCTION
Hydraulic fracturing is an important technique for liberating
hydrocarbons from unconventional reservoirs, by pumping
water-based fluids into the formation to promote economic
production.1 However, it is demonstrated that the recovery
rate of the flowback water in unconventional systems is always
less than 30%.2−5 It is largely attributed to water spontaneous
imbibition into the formations. In addition, spontaneous
imbibition is of particular importance to hydrocarbon recovery
during the flowback period. It is referred to as the process of a
porous rock absorbing a wetting phase without any external
force to displace a nonwetting phase inside porous media.6

Furthermore, spontaneous imbibition can exist as two typical
modes: counter-current and cocurrent.7−9 For counter-current
spontaneous imbibition, the wetting phase will drain the
nonwetting phase by the flow in the opposite direction of
cores. By contrast, cocurrent spontaneous imbibition is defined
as the same flow direction for two phases through both open
ends of porous rock.
There are several common imbibition mechanisms that drive

liquid into a deeper matrix. Laboratory works have been
performed to identify that the spontaneous imbibition in shales
is highly correlated with the capillary pressure due to the
extremely fine pore sizes.10−13 Capillary force has been defined
as the differential pressure of nonwetting phase and wetting

phase across the interface of two immiscible fluids.14 The high
capillary pressure of partially saturated shale matrix makes it
possible for a considerable amount of fracturing water
infiltration into the rock matrix.15 In addition to capillary
pressure, clay water absorption and chemical osmosis have
been investigated to be additional driving forces for water
imbibition of shale systems.16−19 Osmosis pressure mostly
originates from a semipermeable membrane separating two
aqueous solutions of different chemical potential due to a salt
concentration difference. It only allows water molecules or
uncharged molecules to move through by forming a diffusive
double layer.20 Clay minerals can function as a semipermeable
membrane because of the negative charges on clay particle
surfaces.21,22 The negative charges attract cations in solution to
adsorb onto the clay surface and form the double layer. The
osmotic pressure in clay-rich sediments leads water molecules
to transport from the low-salinity fluids to the high-salinity
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formation brine until the salt concentration reaches an
equilibrium.23,24 For this reason, the water-sensitive cores
(i.e., clay mineral) are observed to expand in volume upon
exposure to fresh water.21

Water invasion into the shale fracture surface or within the
matrix will lead to formation damage. As a result, shale strength
and other mechanical properties can be weakened post
fracturing operations.25−27 Thus, induced fractures can be
more easily generated. Besides, experimental investigations on
shale−water interactions have previously showed the dramatic
alteration in permeability and porosity by the generation of
fractures,28−30 particle detachment,31 and plugging of flow
channels,32 as well as the occlusion of pore spaces,33−35

thereby impacting hydrocarbon recovery.36−38

Although the fracturing water imbibition in shale reservoirs
is well recognized both from imbibition models and
experimental approaches,39−42 our insights into the imbibition
mechanism mostly focus on capillary pressure, ignoring the
impact of chemical osmosis. It can lead to an understanding of
inaccuracy in the water imbibition process. Additionally, the
above studies were qualitatively performed on the shale
petrophysical evolution (i.e., porosity and permeability) from
the perspective of water saturation or external water imbibition
weight. Thus, we have little quantitative information about the
fracturing water penetration distance and water saturation
distribution into the matrix. Moreover, the mathematical
correlation between matrix permeability and porosity with
respect to spontaneous imbibition is rarely known so far.
Thus, the goals of the present study are involved in (1)

setting up a one-dimensional water imbibition numerical
simulation for the shale matrix to analyze and compare water
dynamic saturation profiles and (2) using this model to explore
shale matrix permeability and porosity alteration profiles.
Moreover, the mathematical correlation between permeability,
porosity, and water saturation can be determined; (3) based on
this model, analyzing mechanical evolution and matrix stress-
dependent permeability for water-sensitive minerals resulted
from water−rock interactions. This study offers a mathematical
method for characterizing shale spontaneous imbibition and its
effect on shale geophysical alteration. The study provides a
theoretical understanding for incorporating water uptake into
the production prediction model for shale gas exploitation.

2. METHODOLOGY
2.1. Imbibition Mechanisms. A spontaneous imbibition

process is mostly determined by an interplay of driving forces,
including capillary force and chemical osmosis pressure,
respectively.43,44 Capillaries can last a long time during
postfrac production. Later, a new imbibition mechanism as a
chemical osmosis is taken into account, which is further
incorporated into the proposed water imbibition numerical
model in the paper.
2.1.1. Chemical Osmosis. When confronted with aqueous

solution differences on the both sides of clay membrane,
osmosis will take place to drive the water to the lower
concentration side of the membrane into the clay, ultimately
leading to clay swelling, governed by eq 121

p
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x
x
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w

1

2
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(1)

where: pπ is the chemical osmotic pressure, Pa; R is the ideal
gas constant, 8.314 J/(mol·K); V̅w is the partial molar volume

of water, 18.02 × 10−6 m3/mol; T is the temperature, K; and xi
is the water activity of solution i (i = 1, 2), nondimensional.
The concentration difference is introduced into the osmotic

pressure, which is also defined as eq 2

p vRT c c( )2 1= (2)

where: ci is the concentration of solution i (i = 1, 2) for water
activity xi, mol/m3 and v is the constituent number of ions,
nondimensional.
However, naturally most of the semipermeable membrane

exhibits nonideality and cannot still exclude some charged
solutes from the membrane besides water molecules. Thus, the
membrane coefficient is used to account for capacity of
semipermeable membrane restricting charged particles from
passing through, which ranges from 0 (nonmembrane) to
1(ideal membrane).45 Therefore, osmosis pressure is given by
expression 3

p vRT c c( )2 1= (3)

where: λ is the membrane efficiency, nondimensional.46

2.1.2. Capillary Pressure. According to the Young−Laplace
law, capillary force can be calculated as well, given by eq 4,
depending on surface tension σ, contact angle θ, and pore
throat radius r. r depends on the pore network system and
cannot be modified unless geomechanics effect or chemical
alteration is considered. However, surface tension and contact
angle refer to relative strength of molecular interactions at the
rock−fluid interface or fluid−fluid interface.47

p p p
Ar

2 cos
c nw w= =

(4)

where: Pc is the capillary pressure, Pa; Pnw is the hydrostatic
pressure of nonwetting phase, Pa; pw is the hydrostatic pressure
of wetting phase, Pa; σ is the surface tension of wetting phase
and rock interface, N.m; 6 is the contact angle, deg; r is the
pore radius, m; and A is the contact surface area, m2.
In this study, the capillary force and osmotic pressure are

attributed to spontaneous imbibition. Hence, the total driving
pressure p is written as expression 5

p p pc= + (5)

2.2. Water Imbibition Mathematical Modeling. For
shale gas reservoirs with stimulated reservoir volume, the
injected fluid invades into a tight matrix under capillary
pressure and chemical osmosis, while gas flows reverse into the
fracture during liquid injection and soaking. This phenomenon
can be simplified as the one-dimensional countercurrent
imbibition process, indicating that only one open face can
contact the fracturing fluid, as demonstrated in Figure 1. To
simplify the solution procedure, the following assumptions are
made:48,49 (1) the imbibition process involves piston-like
displacement of the gas−water phase in the matrix system; (2)
shale is homogeneous and isotropic, without considerations of
bedding effects; (3) the compressibility of the rock skeleton
remains constant during the imbibition process; (4) the
seepage conforms to Darcy’s law in the imbibition process,
which is approximately considered to be instantaneously
steady; (5) the gravity is so small that it can be ignored in
the imbibition simulation model compared to capillary
pressure and osmotic pressure.
According to the Darcy’s formula, the gas and water flow

rates during imbibition are given by eqs 6 and 7, respectively
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The relative permeability curves for gas and water phases are
assumed to follow the Brooks-Corey model,50 expressed by eqs
8 and 9
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The matrix capillary pressure for imbibition is modeled with
the Brooks−Corey model,50 written in eq 10

p p
S S

S S
ln

1c cmax
w wr

wr gr
=

(10)

where vg and vw are gas and water flow rates, respectively, m3/s;
K is the absolute permeability, mD; Krg and Krw are the relative
permeability of gas and water phases, respectively, nondimen-
sional; μg and μw are the viscosity of gas and water,
respectively, mpa.s; p and pw are the total driving pressure
for imbibition and hydrostatic pressure of water, respectively,
Pa; and x is fluid flow distance along the x direction, m; Krgd is
the gas end point, nondimensional; Krwd is the water end point,
nondimensional; pcmax is the maximum capillary pressure, Pa;
Sgr is the irreducible gas saturation; Swr is the irreducible water
saturation; nw is the Corey exponent for water; and ng is the
Corey exponent for gas.51

The material balance of countercurrent imbibition is given
below as 11

v v 0w g+ = (11)

We can substitute 6 and 7 into expression 11 and the flow
rate for the water phase is given by 12

v D S
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= ++ , defined as effec-

tive capillary diffusivity coefficient, m2/s.

Then the water phase mass conservation equation is given
by expression 13
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where φ is the matrix porosity, nondimensional, and t is the
imbibition duration, s.
At the initial time, the matrix has the same initial water

saturation, and the positions of x = 0 and x = LR are open to
external water and a closed surface, respectively. The initial
condition and boundary conditions are given as follows:
Initial condition

S x t S( , 0)w wi= = (14)

Inner boundary condition

S x t S( 0, )w s= = (15)

Outlet boundary condition

S
x

0x LR
w | == (16)

2.3. Model Solution. The finite difference method is used
to solve water imbibition partial equations with forward
difference discretization in time and center difference
discretization in space using the Matlab programming
language. There are five main steps in the algorithm: (1) the
position and time are discretized into i*n grids, and then each
saturation in the grid network is introduced. Thus, the previous
nonlinear partial differential equations are discretized into
linear difference equations; (2) the convergence time step Δt
and distance step Δx are determined to make equations finally
converged; (3) initial conditions are set; (4) the effective
diffusion coefficient term compute at each time step and each
position are computed; (5) the discretized water saturation
along with boundary conditions and initial conditions at
convergence time step are solved, and then the imbibed water
volume and imbibition rate can be calculated based on the
water saturation profiles.
The discretized differential equations and auxiliary con-

ditions for the water imbibition process are written in eqs
17−22:
For the 2 to i-1 grid of space, the difference equation is
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Figure 1. Schematic diagram of 1D counter current imbibition into
the matrix process. The left diagram describes hydraulic fracturing
spontaneous imbibition. The right diagram depicts that water is
imbibing through the open boundary from left to right, expelling the
gas phase the opposite way. The initial water saturation is Swi, and
maximum water saturation at the inlet is Ss. The length of the rock
sample boundary is LR and the cross-sectional area is ACR.
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Initial conditions for each space grid

S(S )i iw
0

w= (22)

The water imbibition accumulation is mathematically given
by eq 23

W A S S x( )d
L

i
0

c w w=
(23)

where W is the imbibed water volume, m3; Ac is the cross
section area of the core, m2; and L is the core length, m.
The water imbibition rate is thus derived from 23, written in

eq 24

q
W
t

d
d

=
(24)

where q is the water imbibition rate, m3/s.
2.4. Model Validation. To validate the mathematical

model, the hydraulic fracturing and reservoir properties data
from onsite gas shale are used for history matching and
predicting the water imbibition process. The initial input
parameters of the model are summarized in Table 1. The

history data matching results are shown in Figure 2, which
resulted in a reasonable fitting between the observed
experimental results and calculated imbibition volume versus
time.
We used the model to calculate gas−water phase relative

permeability alteration caused by water saturation (Figure 3).
It is observed in Figure 3 that a relatively small increase in
water saturation from the initial value can account for a sharp
decline in gas relative permeability followed by a plateau of
permeability close to zero. In contrast with the gas phase, the
initially immobilized water is able to flow until the water
saturation reaches about 0.5. Thereafter, the relative
permeability for the water phase will enhance greatly at each
water saturation increment. The water relative permeability can
get the maximum value when imbibition ends at a saturation of
0.65.
In addition, we modeled the driving force evolution with

respect to matrix water saturation, ad presented in Figure 4.
The osmotic pressure induces fluid transport from low-salinity
to high-salinity through a clay membrane to eliminate chemical
potential caused by a salinity difference. Thus, chemical

osmosis will decrease as water is gradually driven into a high-
salinity matrix to reduce the salinity. Likewise, the capillary
pressure is linearly associated with a net effect of gas and water
phase hydraulic pressure by definition. This pressure can result
in the wetting phase (water) imbibed into rocks and will
diminish with increasing water saturation. This phenomenon
can be attributed to increased water wettability caused by
water−rock interactions, which will decrease the capillary
pressure gradient. It is clearly noticed that the capillary
pressure curve is still higher than chemical osmosis when water
saturation changes.

Table 1. Basic Input Parameters for the Model in This Study

parameters value parameters value

matrix permeability
(mD)

5 × 10−4 water viscosity (mPa•s) 0.001

matrix porosity,
dimensionless

0.045 gas viscosity (mPa•s) 0.03

core diameter(m) 0.025 experimental
temperature (K)

300

core length(m) 0.05 Kr end point of water
Krw

0.1

initial water saturation 0.35 Kr end point of gas Krg 0.65
irreducible water
saturation

0.35 equivalent salinity in the
matrix (ppm)

5000

irreducible gas
saturation

0.3 maximum capillary
pressure (KPa)

1100

water corey nw 4 gas corey ng 2
initial core
pressure(MPa)

50 outlet core pressure
(MPa)

5

initial Young’s elastic
modulus(GPa)

20

Figure 2. Fitting comparison between simulation results and
experimental observation.

Figure 3. Gas−water relative permeability curve.

Figure 4. Comparison between driving forces versus core water
saturation.
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Moreover, we compared the imbibition process driven by
different driving forces. The simulation results revealed in
Figures 5 and 6 that the imbibition rate and water imbibition

accumulation depend largely on the internal impetus
mechanisms. The curve trend in Figure 5 illustrated that
there is an enhancement in imbibed water volume with the
increase in imbibition duration. Generally, at the early stage of
water imbibition curves, the amount of water imbibed
increases rapidly. However, at the later stage, the amount of
water imbibed increases slowly until it no longer changes.
It is calculated in Figure 6 that under the comprehensive

driving forces, the water imbibed volume is apparently 20 and
100% higher than that resulted from capillary forces and
osmosis stress, respectively, at duration of 500 h, namely, about
21 d. It indicated that capillary forces play a vital role in the
imbibition process. As a result, we can get the biggest decline
in the initial water imbibition rate controlled by osmosis, then
it comes to second by capillary forces, whereas it takes much
more time for the water imbibition rate to drop by the capillary
and osmosis pressure interplay.

3. RESULTS AND DISCUSSION
3.1. Water Saturation Profiles. The water saturation

distribution at different distances along the imbibition
direction with respect to various imbibition durations is
obtained in Figure 7, 8, and 9, respectively. These figures
depict a water movement front profile. As is shown in these
figures, at a fixed time, the water saturation decreases gradually

with the increase in the penetration distance. At a fixed
position, the water saturation increases with increasing
imbibition time. For a certain position and time during the
imbibition process, we can obtain the value of the water
saturation.

Figure 5. Relation between the water imbibition rate and imbibition
duration.

Figure 6. Relation between water imbibition volume and imbibition
duration.

Figure 7.Water saturation profiles into the shale matrix resulted from
chemical osmosis and capillary pressure.

Figure 8. Water saturation profiles in the shale matrix resulted from
capillary pressure.

Figure 9.Water saturation profiles into the shale matrix resulted from
chemical osmosis pressure.
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It is observed as well from Figure 10 that we can determine
the water penetration depth into the matrix. The position x = 0

is assumed as a matrix−fracture interface, filled with a water of
Sw = 1. The water uptake penetration depth in 1 day reaches
about 5 mm and water wetting front has moved more than
0.30 cm forward after 14 days, which is in good agreement with
the assumption of a semi-infinite porous medium and agrees
with the study of literature (51). This depth range is mostly
due to the inherently low permeability and porosity of shale.
Furthermore, the imbibition distance of water front into the
matrix is proven to be the highest among three geophysical
conditions. It is because more external forces exerted on the
water phase can drive it more further into the rock and cause a
much bigger altered zone of the matrix. The penetration
distance controlled by capillary pressure can be close to 0.30
cm while the length in the matrix-altered zone only driven by
chemical osmosis stress can be just over 0.015 cm after 14
days.
For each moment during the imbibition process, we can

calculate the average water saturation simply by integrated
water saturation at each position point. The mathematical
equation is given by expression 25

S
S x t x

L

( , )d
L

wa
0 w

=
(25)

where Swa is the water average saturation in the core,
dimensionless.
As shown in Figure 11, we observed that the water

saturation at the core scale is positively correlated with
imbibition duration driven by different mechanisms. Appa-
rently, the most significant increase in water saturation from an
initial value of 0.36 to water saturation of 0.65 after a 500 h-
imbibition process predominated by total driving forces.
However, the water saturation curve inclines most slightly
during the same soaking time, altering from 0.36 to less than
0.5 as a result of osmosis stress.

3.2. Porosity Alteration. Under the control of multiple
driving forces, water will intrude into the matrix pores and then
occupy the micropores by forming water adsorption films and
inducing clay swelling, leading to a reduction in matrix
porosity.
The absorbed water volume is given by eq 2652

V p x VD
w s

3
c= (26)

where: Vw is the absorbed water volume, m3; β is the swelling
coefficient, depending on the temperature and clay properties;
D is the surface fractal dimension of clay minerals, closely
related with irregularities and surface roughness of clay; xc is
the clay volume percent in the core, dimensionless; V is the
rock apparent volume, m3; and ps is the effective pressure, Pa.
Considering the swelling stress derived from osmosis, the

effective pressure exerted on swelling rock is calculated as eq
27 based on a fractal theory52

p p ps swell= + (27)

where: P is the overburden pressure and Pa; pswell is the
swelling pressure, Pa.
The swelling pressure is given by eq 2852

p p
p
p

D
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2

=
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k
jjjjjj

y
{
zzzzzz (28)

The effect of clay swelling varies with position and time due
to varying water saturation, leading to different porosities with
duration. As a result, the porosity profile after clay swelling can
be mathematically obtained as expression 29

p xD
e s

3
c= (29)

where φe is matrix porosity at each point and time after clay
swelling, dimensionless.
Moreover, combining eq 29, the effective porosity can

further be written at the core-scale, taking the form of eq 30

x

L

d
L

a
0 e=

(30)

where φa is the effective matrix porosity at the core-scale,
dimensionless.
Model simulation lasting for 14 days shows that water

imbibition resulting from different driving forces can cause
distinctions in penetration depths, leading to further porosity
evolution (Figure 12, 13, and 14). The porosity increases from
the lowest value at the matrix−fracture interface to the original
value with the increase in the penetration distance. The pores
and flow paths are closer to the interface, the more likely the
flow path can be saturated with water. Therefore, it is more
possible for water to clog the pores into the matrix, leading to
lower porosity. Meanwhile, the porosity decrease is predicted

Figure 10. Water penetration distance versus imbibition duration
curve.

Figure 11. Core average water saturation with respect to the
imbibition duration curve.
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to be much more noticeable after 14 days than after 3 days of
imbibition process. With an imbibition time of 14 days, the
core develops the thickest water-altered zone by total forces in
Figure 12 but the thickness of altered zone in the core is
observed to be the lowest in Figure 14.
Figure 15 shows that calculated porosity for the core, given

by eq 30, declines linearly with the increase in the water
saturation due to the total driving forces, which is in good
agreement with the previous findings in Figures 12−14.
Because the imbibed water will occupy the main pores and
flow paths due to the generated water film on the inner face of

pores and clay expansion caused by water-sensitive minerals,
the porosity will decrease with respect to water saturation.

3.3. Permeability Alteration. According to the Kozeny−
Carman equation,53 involved in the mathematical relationship
between porosity and permeability, the matrix permeability can
be calculated as expressions 31 and 32

K Ke
e

3

=
i
k
jjjj

y
{
zzzz

(31)

K Ka
a

3

=
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k
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y
{
zzzz

(32)

where Ke is the permeability at each point and time inside the
matrix, mD and Ka is the effective matrix permeability at the
core-scale, mD.
It is seen from Figure 16, 17, and 18 that the permeability

increases significantly from the minimum value to initial

intrinsic permeability along the water invasion direction,
generating a water alter zone different from the unchanged
core. As a result, the altered zone of core has a relatively lower
permeability than original core permeability. The permeability
has enhanced greatly at the early stage but increased slightly at
the later stage, which may depend upon the different distance
and driving forces. We can clearly see that the higher driving
forces, the farther distance water invades at the same time
conditions. The incline in permeability change is still higher

Figure 12. Porosity profile at different imbibition durations driven by
the capillary pressure and chemical osmosis force.

Figure 13. Porosity profile at different imbibition durations driven by
capillary pressure.

Figure 14. Porosity profile at different imbibition durations driven by
the chemical osmosis force.

Figure 15. Effective porosity vs average saturation curve at the core-
scale.

Figure 16. Relation between core permeability and penetration
distance into the matrix curve driven by the capillary pressure and
chemical force.
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driven by total forces than that controlled by other forces.
These conclusions can provide important insights into
predicting the alteration in equivalent permeability and
clarifying permeability profiles of altered zone and cores
during different shut-in periods.
It is seen from Figure 19 that according to eq 32, calculated

permeability for the core has the trend of declination with the
increase in the water saturation due to the total driving forces,
corresponding to the previous finding in Figures 16−19. This
condition is mostly attributed to the occlusion by absorbed
water molecules on the inner pore surfaces and clay expansion

from water-sensitive minerals, which impact the gas extraction
from the matrix to fracture systems and overall hydrocarbon
recovery.

3.4. Pressure-Dependent Permeability Alteration.
3.4.1. Elastic Modulus Model of Gas Shale. In this study,
damage variable F was introduced to characterize shale damage
resulting from the shale−water interaction, defined as the ratio
of altered zone area (Sa) to original cross-section area (S) for a
core.54

Damage variable F is given by mathematical eq 33

F
S
S

x D
L D

a= = ·
· (33)

where x is the water penetration depth into the matrix, m, and
D is the diameter of the core, m.
The cross-section area for the unaltered zone is transformed

according to eq 33

S S F(1 )ua = (34)

where Sua is the cross-section area, m2.
Assumed that the external load (F) is a constant during

loading, we can state that during the prefailure period, there
exists55

F S Sua ua= = (35)

where σ and σua are the load stress prior to and post-treatment,
Pa.
Based on the theory of damage mechanics, the constitutive

relation for the core before the water uptake process and post-
imbibition takes the form of eqs 36 and 3756

E= (36)

Eua ua= (37)

where E and Eua are the Young’s elastic modulus prior to and
post-treatment, Pa, and ε is the strain that corresponds to the
stress, m.
Combing 35, 36, and 37, the elastic modulus of altered core

in the core can be derived, as seen in eq 38

E E F(1 )ua = (38)

3.4.2. Shale Compressibility Model. The pore compressi-
bility has a close relationship with different types of rocks and
pore shape. For example, the compressibility for circular pore
model has been put forward, given by eq 3957

C
v

E
2(1 )

p = +
(39)

where v is the Poisson’s ratio, dimensionless.
The value of Poisson’s ratio has a weak influence on pore

compressibility. Hence, for circular pore geometries, pore
compressibility depends on the magnitude of Young’s
modulus.58

3.4.3. Permeability Model with Stress Sensitivity. Due to
its form simplicity, an exponential function59 is frequently
adopted to describe the stress-dependent permeability of tight
formations, as expressed in eq 40

K K e p p
m

( )p= (40)

where Km is the permeability considering stress sensitivity, m2;
y is the stress sensitivity coefficient, denoting the severity of
formation stress sensitivity, Pa−1; and pp is the pore pressure,
Pa.

Figure 17. Relation between core permeability and penetration
distance into the matrix curve driven by capillary pressure.

Figure 18. Relation between core permeability and penetration
distance into the matrix curve driven by a chemical force.

Figure 19. Effective permeability versus average saturation curve at
the core-scale.
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It is proved that the stress-sensitive coefficient is the product
of porosity sensitivity exponent α and the pore compressibility
Cp, which is given by eq 4160

Cp= (41)

It is demonstrated that long-term fracturing fluid soaking can
cause irreversible damage to mechanical properties, including
Young’s modulus and the uniaxial compression strength.61 We
can conclude from Figure 20 that long-term water soaking with

the core can induce the reduction in the rock elastic modulus,
caused by weakening of the joint strength between mineral
particles and further destroying the original shale structure. It
further leads to the significant increase in the compressive
strength, as seen from Figure 21. Meanwhile, it is testified that
the rock−water interaction can make it possible to reduce rock
stress sensitivity, as given by eq 41.

Figure 22 depicts a comparison of the shale permeability
change with alteration in net pore pressure. As seen in Figure
22, the permeability drops rapidly with respect to the
increasing net pore pressure in the case of the water imbibition
effect. Without water imbibition, the permeability declines
relatively slightly when the net pore pressure increases,
indicating that the water invasion process can enhance
formation stress sensitivity and further have a large impact in
gas flow. It is observed as well in Figure 22 that the more
driving forces are considered in the model, the more water

enters into the micropores and, thus, the more stress sensitive
the core might be. It is because the apparent permeability with
the impact of total forces decreases most significantly
compared to other two cases with the water imbibition process.

4. CONCLUSIONS
In this study, we set up a one-dimensional water uptake model
based on the unsaturated flow theory with the different sets of
driving mechanisms taken into account. This model inves-
tigates water imbibition into the shale matrix and furthermore
clarifies water distribution in shales at different shut-in periods.
The quantitative correlation of the water uptake process and
petrophysical alteration was predicted as well.
The following main conclusions can be drawn:
(1) The water imbibition process is assumed to be driven by

both capillary pressure and chemical osmosis effect,
which is incorporated in the numerical model. The
model was validated to be reliable based on the history-
fitting results between experimental results and
mathematical simulations. Moreover, more water can
occupy shale micropores compared to that dominated
by only one kind of driving force. This model is used to
predict and compare water penetration and its effects on
the reservoir properties.

(2) The water penetration profiles were obtained using the
imbibition model. In case of total driving forces, it takes
14 days for fracture fluid to move forward into the
matrices at over one-half in core length. However, the
thickness of altered zone is less than one-10th in core
length controlled by capillary and osmosis. As a result,
the capillary pressure plays a more crucial part in the
total driving forces than osmosis pressure.

(3) Last but not at least, we plotted the shale porosity and
permeability curves at different shut-in periods and
different driving mechanisms. The core altered zone has
a relatively lower permeability than that of original core.
The permeability and porosity both increase significantly
at the early stage but slightly at the later stage. The more
driving forces will induce more water invasion into the
matrix and promote water front to move farther into the
media, leading to a gradual increase in the water
intrusion depth. Furthermore, we determined the
correlation between core permeability, porosity, and
average water saturation. We found that both porosity
and permeability are negatively associated with water
saturation, which is supported by publications.33,34

Figure 20. Elastic modulus versus the average saturation curve at the
core-scale.

Figure 21. Compressibility strength versus the average saturation
curve at the core-scale.

Figure 22. Compressibility strength versus the average saturation
curve at the core-scale.
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(4) Finally, we determined the shale mechanical alteration
caused by water uptake process, such as elastic modulus
and compressive strength, and further compared shale
apparent permeability response with net pore pressure
change prior to and post water imbibition, respectively.
Long-term water soaking can result in rock softening by
mainly destroying the shale original microstructure and
weakening the joint strength between water-sensitive
particles. It ultimately leads to a significant reduction in
the elastic modulus, but an increase in the shale
compressive strength and stress sensitivity. As a result,
shale apparent permeability will drop more rapidly under
the net pore pressure after water imbibition compared to
that without a water uptake.

The numerical model developed in this study will provide
efficient insights into water imbibition driving mechanisms for
unconventional hydrocarbon reservoir systems. It is important
for better understanding of shale alteration due to the HFF-
rock interaction, which is useful for predicting long-term
hydrocarbon production from shale reservoirs.
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