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ABSTRACT: The water invasion within shales easily causes
damage to the hydrocarbon flow. However, the water imbibition
mechanisms are still unclear, and the mathematical connection
between stress-dependent permeability and water imbibition was
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experimental data of shale samples. Moreover, more comprehen-

sive water imbibition mechanisms included in the model can

improve the prediction accuracy for the water imbibition process. Furthermore, the water imbibition distance was demonstrated to
be a power function of water imbibition duration and clay mineral content, an exponential expression of initial matrix permeability,
and a positively linear equation of the injection pressure difference. Last but not least, the elastic modulus after hydration is
negatively related to matrix permeability, clay mineral content, and injection pressure difference. These bigger control factors will
result in clay swelling and cementation weakening during the water imbibition, finally enhancing stress sensitivity and decreasing
permeability. Finally, the cores with a high clay mineral content and injection pressure difference are likely to enhance stress
sensitivity, obeying the positive power function and linear function, respectively. The findings can provide a scientific basis to study
the water-sensitive damage to flow capacity and stress sensitivity for unconventional formations in a water environment.

1. INTRODUCTION wet shale exhibits a strong adsorption to multilayered water
molecules as a result of the presence of clay minerals.'” Clay

minerals can function as semipermeable membranes because of
11,12

Shale gas has gradually become an ideal alternative to fossil
energy occurring in tight shale reservoirs as a result of its

cleanliness.” Generally, the ultralow permeability and porosity the negative charges on clay particle surfaces. Moreover,
geological characteristic makes it difficult to extract shale gas the water invasion behavior in shale is controlled by the
out of tight shale reservoirs, which seriously limits the gas osmotic pressure as well, caused by the salinity difference
extraction efficiently.” For this reason, horizontal drilling and between the fracturing fluid and the formation water until the
hydraulic fracturing have become mainstream techniques to salt concentration reaches equilibrium."”” Many studies have
enhance shale gas production worldwide.” During the been carried out on the water imbibition phenomenon and its
fracturing operations, a large volume of water-based working mechanisms in unconventional reservoirs through experimen-
fluids is injected into the tight formations under high pressure tal and theoretical analysis. In terms of experimental research.
conditions for the aim of creating cracks and unlocking tight Li et al."* found that in the process of oil displacement, small
resources.” However, field data indicates that a low flowback pores imbibe water or chemical solution driven by capillary

recovery of fracturing fluids® often takes place as the uncovered
fluids will imbibe within the formations dominated by complex
imbibition driving forces.’

Due to the abundant micronanopores in the shale rock,
capillary pressure is known as the primary mechanism for
fracturing fluid loss and low water recovery during and after
the fracturing operation.” Capillary force has been defined as a
function of rock wettability, pore radius, and interfacial tension,
which makes it possible for a considerable amount of water
infiltration into the shale gas reservoirs.”” In addition, water-

force, while large pores drive oil out of the pores by capillary
forces between different pores. It indicated that wettability,
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experimental oil viscosity, and interfacial tension played an
important role in the process of spontaneous imbibition. Pu et
al."” analyzed the static imbibition mechanism in tight reservoir
using the NMRI technique. They obtained the nuclear
magnetic resonance T2 relaxation spectrum of the imbibition
process to monitor the change of oil in the core pores, and they
thought that the aqueous solution preferentially entered the
small pores during imbibition. Akin and Kovscek'® carried out
the countercurrent imbibition experiment for simulating water
imbibition and air displacement with diatomite and Berea
sandstone and observed the changes of the imbibition front in
the two groups of experiments with a CT scanner. Wang and
Yang'” simulated the imbibition of three tight sandstone cores
of Yanchang Formation in the Ordos basin with different pore
distributions to compare the pore distribution of each core and
its imbibition displacement rate. In addition, the numerous
theoretical works reported the development and application of
analytical and numerical solutions for water imbibition."*"”
Wang et al.”’ proposed an imbibition model based on the
capillary tube model and obtained that the maximum
imbibition distance decreased first and then increased with
the pore radium increasing from 1 to 200 nm. Wang and
Zhao®' characterized the water imbibition process into oil-
saturated tight sandstones using a semianalytical model of
characterizing based on the capillary tube model and fractal
theory. Salam and Wang”* derived a new analytical model of
spontaneous imbibition heights in low-permeability reservoirs
considering effective viscosity, surface roughness, slip, and
gravity effects in a single tortuous capillary tube. Shun et al.*’
built an oil-water two-phase flow mathematical model in a
dual-porous and dual-permeable media with taking the effect of
imbibition into consideration. Tavassoli et al.>* presented an
expression for the saturation profile and analyzed oil recovery
during countercurrent imbibition from a strongly water-wet
system. Behbahani et al.”® carried out countercurrent
imbibition simulations in water-wet fractured reservoirs. In
summary, many researchers have conducted research on the
spontaneous imbibition phenomenon. However, the core-scale
imbibition experiment might represent the water imbibition
characteristic for certain geological formations, and more
importantly, we cannot accurately evaluate the water
imbibition tendency for a longer time using the experimental
approaches for the sake of financial support and investment
time. For this reason, numerical simulation has become a
preferential alterative for predicting the water imbibition for
shale at different conditions. From the literature review of the
predecessors’ numerical simulation work, they have mainly
established imbibition models either for capillary tubes or
conventional porous media. Instead, numerical simulation
works for water imbibition within unconventional shale gas
reservoirs are rarely seen. More importantly, the traditional
models did not consider fully water imbibition mechanisms,
primarily focusing on capillary pressure, even though the water
adsorption induced by the clay minerals and osmosis pressure
dominated by the salinity difference both are demonstrated to
be crucial for the water imbibition process. It will lead to an
obvious inaccuracy in the prediction results of the water
imbibition process.

Many previous studies have attempted to confirm that the
water-based working fluid imbibition has presented some
engineering challenges to the mechanical characteristics of
shale, such as borehole wall instability induced by hydration
damage, affecting the propagation of hydraulic fractures.”®
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Since the clay minerals in shale mainly contain microscale
pores, water prefers to occur in clay minerals as a fully or
partially adsorbed phase rather than a bulk phase,”’ causing
clay minerals to swell and further leading to changes in the
local internal stress.”® The clay-swelling-induced internal stress
results in the reduction of pore pressure and increase in
effective pressure, which enhances the permeability stress
sensitivity and further blocks the fluid migration in the
reservoir.”” Moreover, it will weaken the cementing strength
between rock clay particles and further lead to the reduction in
the mechanical strength and elastic modulus of rocks, which
finally triggers shale deformation during the gas depletion and
geomechanical property change.’® It is detrimental to long-
term gas production. Thus, it is necessary to better understand
the impact of water-based working fluid imbibition on the
alteration in both shale dynamic geomechanical behavior and
stress-dependent permeability. Up to date, several numerical
simulations are generally applied to study the coupled
multiphysical processes, linking the water imbibition to the
rock deformation. A microcrack model based on the subcritical
damage laws was proposed to describe the deformation and
damage of brittle rock.”** A micromechanics-based numerical
model was used to examine the time-dependent microcrack
growth.” The classical micromechanical model combined with
the subcritical microcrack growth was used to describe the
deformation behavior of water-saturated rocks.”* Although the
available publications provide clear evidence that spontaneous
water-based working fluid imbibition has a great influence on
the mechanical properties of shale, the effect of clay swelling
on water imbibition and shale gas stress-dependent perme-
ability, coupled with the geomechanical field for shale
reservoirs, was not fully considered in the above models.
Moreover, the experimental conclusions and numerical
simulations for water imbibition are not effectively combined.

To fill these gaps, with the water imbibition mechanisms of
water adsorption, capillary pressure, and osmosis pressure
taken into account, a numerical simulation model coupled with
multiphysics processes including water imbibition, shale
deformation, and shale permeability alteration was established,
and a calculation procedure by the finite difference method
was proposed to efficiently compute this model. In addition,
the experimental data on the shale core under high pressure
water imbibition conditions was used to validate the proposed
simulation model. Moreover, the water spatial distribution
under shale deformation conditions was investigated. More-
over, the impact of water retention on shale matrix clay
swelling and stress sensitivity parameters was further
mathematically explored. The findings provided a theoretical
basis for clarifying stress-sensitive damage for clay-rich shale
gas reservoirs attributed to fluid imbibition.

2. MODEL DEVELOPMENT

2.1. Water Imbibition Mechanisms. 2.1.1. Capillary-
Driven Mechanism. The capillary force in the abundant
nanomicropores controls the migration of fracturing fluid
within the deeper reservoir, further affecting the production of
the gas well. Therefore, the capillary force is significant in the
imbibition process. According to the Young—Laplace law, as
shown in Figure 1, the capillary force depends on the surface
tension o, the contact angle 6, and the capillary radius r, which
can be written as eq I:
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Figure 1. Liquid level rise due to capillary force.

_ 20 cos 0
Ar

¢ (1)
where p, represents the capillary pressure, Pa; o represents the
surface tension at the wetting phase and rock interface, N-m;0
represents the contact angle; A represents the contact surface
area, m% r represents the pore radius, m.

2.1.2. Osmosis-Driven Mechanism. The capillary force in
the reservoir occurs instantaneously, while the osmotic
hydration takes a longer time in the imbibition process.
During the fracturing process, chemical osmotic pressure is
generated to induce water molecules to pass from the low-
salinity solution to the high-salinity solution through the
semipermeable membrane to achieve a salinity balance, as
indicated in Figure 2. Chemical osmotic pressure is closely
related to the clay semipermeable membrane efficiency and the
difference in ion concentration. The membrane efficiency is
used to describe the ability of a semipermeable membrane to
restrict the passage of charged particles, ranging from 0 (no
membrane) to 1 (ideal membrane). The higher the efficiency
of the reservoir membrane, the greater the number of ions
passing through the semipermeable membrane. However,
naturally, most semipermeable membranes exhibit non-
idealities, a sufficiently thick and well-compacted clay mineral
layer will result in a membrane efficiency value close to 1, and
the membrane efficiency will change with concentration. In
this study, we assume that the effective permeability coefficient
remains constant and does not change with concentration. The
membrane efficiency of shale reservoirs mostly ranges from 0.1
to 0.3. The osmotic pressure can be described by the following
formula (see eq 2):>°

(a) %, < x,, osmotic pressure causes water in the fracturing
fluid to enter the shale, causing the water content within
the shale to increase;

(b) x; = x,, water imbibition without osmotic pressure;

(c) x, > x,, osmotic pressure promotes water within the
shale to flow out, causing the water content of the shale
to decrease.

where p, represents the osmosis pressure, Pa; R is the ideal gas
constant, 8.314 J/(mol-K); V,, represents the water mole
volume, 18.02 X 107° m3/mol; T represents the temperature,
K; x; is the water activity for solution i (i = 1, 2),
dimensionless; n is the semipermeable membrane efficiency,
dimensionless.

Substitute the concentration difference into the osmosis
pressure, eq 2 can be rewritten as eq 3:

p, = mRT(c, — ¢)) (3)
where ¢; is the solution concentration for solution i (i = 1, 2),
mol/m® v is the number of ions contained in an electrolyte
solution, dimensionless.

2.1.3. Water Adsorption Mechanism. Under certain
geological environments, clay mineral hydration is used to
characterize the ability of clay minerals to adsorb water
molecules. The water adsorption to clay mineral process
consists of surface hydration and osmosis hydration for
inorganic pores. Surface hydration is caused by the adsorption
of water molecules and exchangeable cation hydration on the
clay crystal surface (expansive clay surface includes the outer
surface and inner surface). The hydrogen and hydroxyl
functional groups on the surface of clay can form hydrogen
bonds with water molecules, thereby adsorbing water
molecules to the surface of clay crystals. There is a direct
relationship between the surface hydration of clay minerals and
the crystal layer expansion.”® In clay mineralogy, multilayer
water adsorption is often used to describe the surface
hydration ability.”” The number of layers of adsorbed water
molecules between clay mineral crystal layers is closely related
to the relative humidity. That is, the layer of water molecules
between clay mineral layers will increase discontinuously
(stepwise) as the relative humidity increases. It can be
increased to up to four layers of water molecules,
corresponding to a layer spacing of 2.2 nm.”* Meanwhile, the
clay swelling pressure will also decrease with the increase in the
number of layers of water molecules.”” Osmotic hydration

RT . x . .
p =n—In— refers to the concentration of cations between crystal layers
wo % (2) being greater than the solution concentration, causing the
4
e ¢
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Figure 2. (a, b) Aqueous phase migration and ion diffusion processes dominated by osmotic pressure.
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Fractures and pores system
Matrix
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Imbibition and swelling pressure are generated within the matrix;
Flow channels get narrower; Water invasion zone is formed

Matrix

m atrix water

Figure 3. One-dimensional numerical simulation for water imbibition into a shale matrix.

cations to form fully hydrated cations, which will fall off the
surface of the clay mineral and form a tendency to diffuse into
the solution. At the same time, hydrated cations are attracted
by the electrostatic attraction on the surface of clay minerals
and finally show a dynamic equilibrium state, forming a
diffusion double electric layer. Therefore, the cations between
the clay crystal layer structures will trigger a hydration
phenomenon under action of osmotic pressure and electric
double layer repulsion, which will push the clay mineral crystal
layers away from each other, causing the distance between the
clay mineral layers to increase sharply. The resulting osmotic
expansion will be much greater than the lattice expansion,
eventually leading to separation of the crystal layers and a
significant increase in the macroscopic volume of the clay
minerals. The hydration degree of clay minerals is usually
characterized quantitatively by using an isothermal adsorption
model. It is assumed that under the low coverage rate of water
molecules on the surface of clay minerals, water molecules are
first adsorbed on the main adsorption sites of clay minerals
according to the Langmuir principle, and then, the second
layer of adsorbed water molecules covers a layer of already
adsorbed molecules.

Taking into account the expansion phenomenon caused by
clay hydration and considering that the expansion capacity is
proportional to the clay minerals content, the mathematical
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model of multilayer adsorption of water molecules in clay
minerals is obtained as eq 4:*

.acc,t)SmLRh
(R + R)(1 = cRy)

m
! @)
where m,, is the adsorbed water volume per unit mass of rock
at a specific relative humidity, cm®/g; xrepresents the clay
mineral content, dimensionless; m; indicates the local
adsorption capacity when the entire adsorbent surface is
completely covered by a monolayer, g/g; p; is the rock density,
g/ cm?; ¢ is related to the net heat of adsorption, dimensionless;
Ry, is the relative humidity, dimensionless; R; is the relative
humidity corresponding to when 50% of the adsorbent surface
is covered by a monolayer, dimensionless.

2.1.4. Injection Pressure Difference Mechanism. During
the fracturing process, the fracturing fluid imbibes into rock
cracks and pores under the action of the injection pressure
difference, which is defined as the pressure difference between
the inlet pressure of the external fracturing fluid and the gas
pressure in the reservoir. The expression is described as eq 5:

B = ko T K (5)

where py represents the injection pressure difference, Pa; p,.o
represents the water injection pressure at the end side of core,
Pa; p, is the gas pressure, Pa,.

https://doi.org/10.1021/acsomega.4c09681
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Figure 4. Description of the coupling relationships of the multiphysics processes.

2.2. Governing Equations. 2.2.1. Water Imbibition. As
described in Figure 3, when the fracturing fluid is driven by
imbibition forces such as capillary force, chemical osmotic
pressure, injection pressure difference, and water adsorption, it
will occupy the microfractures and micronanopores within
shale. Consequently, a water invasion zone is formed near the
imbibition end face. In this area, water imbibition and
subsequent water—rock interaction will lead to changes in
mechanical properties. In addition, it causes swelling stress in
clay minerals, further affects the stress field in the invasion
zone, which finally induces the hydrated matrix deformation,
and causes serious stress sensitivity. Therefore, it is critical to
understand that the shale matrix imbibition phenomenon is a
multiphysical process involving the water phase seepage field
and geomechanical field for shale deformation.

In this section, the numerical simulation composed of water
imbibition, shale deformation, and shale permeability alteration
was set up. The governing equation for the water imbibition
took into account three main mechanisms including the
capillary-driven, osmosis-driven, forced imbibition-driven, and
adsorption-driven imbibition.*’ The shale micro/nanopores
dominate capillary-driven imbibition process in which the
capillary pressure is usually high,** while the osmotic-driven
imbibition occurs when shale membranes separate the low-
concentration fracturing fluid and the high-concentration strata
water. In addition, the adsorption-driven mechanism mainly
takes place in the clay minerals inside shale. The shale
deformation constitutes the geochemical governing equations
contributing to the clay swelling after the water adsorption.
The third governing equation describes the permeability
changes that are sensitive to the effective stress after water
imbibition.

We coupled these multiphysics processes as briefly depicted
in Figure 4. Water imbibition results in the clay mineral
swelling and further cause shale deformation. Likewise, shale
deformation triggers changes in the stress—strain state and
leads to the alteration in shale dynamic porosity—permeability.
Meanwhile, changes in shale properties caused by shale
deformation ultimately affects shale deformation and water
spontaneous imbibition.

To simplify the solution process, the basic assumptions for
establishing the physical model were as follows: (1) The
selected unit is a homogeneous and isotropic matrix core,
which obeys the poroelastic theory without considering the
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bedding effect; (2) The shale deformation is consistent with
the small deformation hypothesis, and the water phase
adsorption only occurs on the surface of clay minerals; (3)
Considering the one-dimensional imbibition process, and
isothermal seepage is approximately considered to be
instantaneous, the fluid diffusion conforms to Darcy’s law;
(4) Compared with capillary pressure and osmotic pressure,
gravity has a relatively smaller impact on the imbibition effect,
which can be ignored in the model; (5) The only formation
water component considered in this model is common NaCl
brine.

The initial water saturation and salinity are, respectively, S,
and ¢, The maximum water saturation at the inlet of the
imbibition end is regarded as S, and the salinity of the
fracturing fluid at the inlet is 0. The matrix length is L, the
imbibition cross-sectional area is A, and the water invasion
zone width is D.

(1) The flow governing equations for the water phase
Based on the mass conservation equation, Darcy’s
equation, and van’t Hoff's law,* considering the capillary
pressure, osmotic pressure, water adsorption, and
injection pressure difference, the continuity equation
for water phase imbibition within the matrix unit can be
obtained in eq 6:

a(prW¢> + a(‘xcrnw)
ot ot

P kk., 0(p, —p, —p) oS,
= —(-p—"————
Ox

U, as ox

w

(6)

where p,, is the water phase density, we regard it as 1 g/
cm® in this model; S,, represents the water saturation
within the core, dimensionless; ¢ indicates the core
matrix porosity, dimensionless; x. represents the clay
mineral content in the matrix, dimensionless; m,, is the
adsorption capacity of matrix clay minerals to the water
phase under certain temperature and pressure con-
ditions, g/cm’; k represents the shale matrix perme-
ability, mD; k., is the water phase relative permeability
for the shale matrix, dimensionless; y,, is the water phase
viscosity under a certain geological conditions, Pa's; p,,
represents the water phase pressure, Pa; p, represents
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the osmosis pressure, Pa; py represents the injection
pressure difference, Pa.
The imbibition driving forces are calculated as in eq 7:

B=F*HTH (7)

where p, is the total driving forces in the imbibition
process, Pa; p_ represents the capillary pressure, Pa.

There is also a logarithmic relationship between the
total imbibition driving forces and the relative humidity,
which can be expressed as eq 8:**

RT

i In(Ry,)

f ' (®)
where v, is the water phase specific surface, cm®/g; M,,
is the molar mass of water vapor, g/mol.

w

_ 20 cos 0
= (©)
p, = mRT(c — ¢) (10)

where ¢ is the concentration of formation water in the
matrix, mol/L; ¢ is the fracturing fluid concentration,
mol/L, and it is assumed here to be 0.

Assuming that the relative permeabilities of both gas
and water phases are functions of their respective
saturations, the curve follows the Brooks—Corey

model:**
SW - Sgr ng
K =K _ 1 - ——F——
g rgd|

1= S = Sw (1)

s, s, |

Krw = Krwd W  wr

1= S = Sw (12)

where K4 is the end point of gas relative permeability,
dimensionless; K4 is the end point of water relative
permeability, dimensionless; S, is the residual gas
saturation; S, is the residual water saturation; n, is
the water phase Corey index; n, is the gas phase Corey

index.

The gas and water phases satisfy the following
constraints:

Sw + Sg =1 ( 13)
where Sg is the gas saturation, dimensionless.

(2) The flow governing equations for the salt phase
Based on the mass conservation equation and Van’t
Hoff's law,* the continuity equation of the salt in the
matrix unit can be derived considering the solute
diffusion and laminar flow, as well as the osmotic

pressure:
o(cS, ) 0 oc 0
—wT = —[(1 = n)¢pDy—] — —[(1 —
o ax[( n)e oax] ax[( n)
kk, o, —p —p) asw]
Hew T f FaZ POw
K, aS,, Ox (14)

Due to the extremely low permeability of shale, the
significance of convective flow is much smaller than that
of diffusion, and further, the convective flow can be
ignored. Therefore, the ion diffusion is only considered
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in the model and the motion equation is usually written
as

o(cS,. ) _

d dc
o a[(l - ”)¢Doa]

(1)
where ¢ is the fracturing fluid concentration with the
core matrix, mol/L; D, represents the intrinsic diffusion
coeflicient for ions of solutions, m?/s.
Auxiliary equations

To solve nonlinear equations such as gas—water two-
phase flow, a series of auxiliary equations are established.
Since the formation is considered to be elastic, the
microcompressibility of the matrix needs to be coupled
in the model. Therefore, the stress-sensitive equations of
porosity and permeability can be expressed as eqs 16 and
17:

3)

@ = pyexp(—c,(p — 1)) (16)

(17)

where @, is initial matrix porosity, dimensionless; k, is
the initial matrix permeability, mD; c, is the compres-
sibility coefficient for matrix pores, Pa™'; p is the matrix
pore pressure, Pa; p, is the initial matrix pore pressure,
Pa.
Initial and boundary conditions

During the initial stage of matrix imbibition, the
salinity, pore pressure, and water saturation everywhere
inside the matrix are the same as their initial values.

S,(t=10) =S, (18)

where t represents the imbibition duration, s; S, is the
initial water saturation within the matrix, dimensionless.

(19)

where ¢, is the initial ion concentration for fracturing
fluids within the core matrix, mol/L.

p(t=0) =p,

k= kOeXP(_3CP(p - po))

(4)

c(t=0) = ¢

(20)

Outer boundary conditions:

It is assumed in the model that the exit end of the core is
closed, so there is no mass exchange between the
concentration and water saturation in the matrix and the
outside, then

dc

=, =0

ox (21)
By _

ok E T (22)

where x is the position within the matrix away from the
imbibition end side, m.

Internal boundary conditions:

The concentration and saturation of the matrix inlet end and
the fracturing fluid are continuous, then

d(x=0)=0 (23)

S,(x=0)=S8,, (24)

where S, is the maximum water saturation at the imbibition
end for the cores, dimensionless.
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2.2.1.1.1. Geomechanical Model Considering Clay Swel-
ling. For porous media such as shale in the imbibition stage,
the clay mineral swelling caused by the adsorption of water
molecules has a non-negligible impact on the total strain.
Assuming that the expansion caused by water adsorption is
isotropic,” the strain caused by adsorption is incorporated into
the stress—strain equation of a homogeneous and isotropic
porous medium. It is stipulated that the reservoir pressure is
positive, and then, based on poroelasticity theory, the stress—
strain relationship can be expressed as eq 25:
O'kk‘sij] &

Ukk‘sij

_ %(gi,
9K 3K 7

1
i 2G [0',, 3 (25)
In eq 25, the first term on the right side of eq 25 represents
the shear deformation strain caused by deviatoric stress, which
does not change the volume of the porous medium; the second
term is the volume strain caused by normal stress; and the
third and fourth terms are the volumetric strains caused by
pore pressure and adsorption expansion of water molecules,
respectively. The above volume deformation only affects the
volume of porous media without causing shear deformation.

_E
T 2(1 +v) (26)

- B
3(1 — 2v) (27)

where & refers to the total strain tensor, dimensionless; o
indicates the total stress tensor, dimensionless; G means the
shear modulus, Pa; K indicates the volume modulus, Pa; p
represents the pore pressure, Pa; @ represents the Biot
coefficient, dimensionless; oy, is the matrix geological normal
stress, dimensionless; ; represents the Kronecker coefficient:
if i = j, the value is equal to 1; if i # j, the value means 0; E
represents the elastic modulus for the hydrated shale matrix,
Pa; v is the Poisson’s ratio of the core matrix, dimensionless.

Considering that the impact of shale imbibition on the
elastic modulus and the hydration change of rock Poisson’s
ratio is negligible, the hydrated core elastic modulus can be
expressed as eq 28:

x m Ry,
‘(R + Ry)(1 = Ry)

E = Ejexp| —
(28)

where E, is the initial matrix elastic modulus of the core before
hydration, Pa.

According to the multilayer adsorption of water molecules
on the surface of clay minerals, the mathematical equation of
clay swelling strain under any geological pressure can be
derived as eq 29:

—x &Ry
‘(R + R)(1 = Ry)

gS
(29)
where ¢ is the maximum swelling strain when the entire
adsorbent surface is completely covered by a monolayer,
dimensionless; € refers to the matrix hydration swelling strain,
dimensionless.

Since the gas and water both exist in the shale matrix during
imbibition, the pore pressure not only depends on the two-
phase pressure but is also closely related to the saturation.

P =85t 1S (30)
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where p represents the pore pressure within the matrix, Pa; §
is the gas saturation in the matrix pores, dimensionless.
Considering that the strain is very small, the volumetric
strain is equal to the sum of the principal strains in the three
directions: €, = &)1 + &y, + €33. The volumetric strain caused by
the deviatoric stress in the first term on the right side of eq 25
is 0; The external normal stress of the second term, also called
ELI Gi _ Ooptoptoy
3 3
erating the volumetric strain component %; The volumetric

g

the average compressive stresso = , gen-

strain component caused by the pore pressure of the third term
is —%p; The matrix swelling strain caused by the fourth term is
g,. Therefore, the total volume strain of the matrix considering

the adsorption expansion of water molecules can be expressed
as

£, =& T+ &) T &5

[e2
— - — +¢
K K

l(0 —aP +¢)
K (31)

It can be seen from eq 31 that the volume strain increases
with the swelling strain and is negatively correlated with the
pore pressure.

According to the effective stress criterion of porous media,
considering the hydration expansion of the matrix, the effective
stress can be expressed as*

GE

=05 — (ap — Kes)éij

(32)
The constitutive relationship of its linear elastic deformation
can be expressed as follows:

2G
0; = 2G£ij + (K — ?)ekkéii + apéij — Kfs5i,' (33)
Combining eq 25 to eq 33, we can get the mathematical
equation of effective stress—strain for shale matrix swelling
deformation, which can be described by elastic modulus and
Poisson’s ratio:

vij

= V(gij + - 21}85--) — Keg;
(34)
Based on Cauchy’s equation,”’ the relationship between
total strain and matrix displacement can be established:
oy + U

i 2 (35)

where A = K — % is the Lame constant; u is the displacement

of a certain point on the matrix solid that changes with the
imbibition time, m.
The equilibrium equation of shale can be expressed as*®

%+ f =0 (36)
where f; represents the volume force vector attached to the
surface of the matrix, Pa/m. The subscript after the comma
indicates the derivation of the coordinates in a certain
direction, and the repeated indicators in the same single item
indicate the traversal summation of the indicators.

Combining eqs 32—35, the Navier-type equation (eq 37)
can be obtained as follows:

https://doi.org/10.1021/acsomega.4c09681
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Figure S. Iterative solution process for numerical simulation.

G
Gui,”- + Euk’kj —op + I(SS +fi =0 (37)

The above equation (eq 37) is the governing equation of
shale matrix deformation coupled with the clay hydration
expansion.

2.2.1.1.2. Matrix Stress-Sensitive Permeability Model. For
overpressure, low-porosity, and low-permeability shale reser-
voirs, the imbibition process can easily change the stress field,
lead to rock deformation, and affect the porosity and
permeability of the rock. Therefore, the matrix permeability
and matrix expansion deformation are directly related to the
effective stress.

The apparent volume V}, of the matrix system is divided into
two parts, namely, the total pore volume within the matrix
Viand the closed pore volume without solid particles V:

W=V,+V (38)
v dy; . .
The terms 7" and 7" are introduced to characterize the
b P

matrix apparent volume and pore volume strain change:

dV;
de, = ——2 = l(da — adp) + de,
“w K (39)
av d K
dz?P=——P=d—a——p(l——p]+d€S
“w K K K, (40)

where € is the matrix pore strain, dimensionless; V, represents
the pore volume, m?; o is the rock matrix volume stress, Pa; K,
is the matrix pore elastic modulus, Pa; K; represents the matrix
skeleton elastic modulus, Pa.

Matrix porosity is defined as the ratio of matrix pore volume

to rock apparent volume:
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p=-2
% (41)

Derivate both ends of eq 41, and we can get the following
equation (eq 42):

=] - 2 (%o

“ %W O%Y% W%

b P

(42)

Equations 39—41 are brought into eq 42, and then, the
equation can be rewritten as

do |1 _ 1

= - do —adp
o |K K,

(43)

Integrate the porosity, overburden stress, and pore pressure
at both ends of eq 43, respectively, and we can get the
following equation (eq 44):

1 1
— — —|lle -

= @.e
90%XPKK

o|=alp-p
P (44)

where @, is the initial porosity of the rock matrix,
dimensionless; ¢ is the matrix porosity under any pressure
condition, dimensionless; o, refers to the matrix initial stress,
Pa; p, is the initial pore pressure of the matrix, Pa.

Pan and Connell”” proposed the permeability—porosity
cubic law to characterize the evolution of the intrinsic

permeability of tight shale rocks with changes in porosity:
3

ko \# (45)

where k, is the initial permeability of the rock matrix, m?; k is

the matrix permeability under any pressure condition, m?.
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Therefore, the expression for the shale matrix permeability
with respect to pore stress is shown in eq 46:

3
k=k0exp—? 6 -0y —alp—p,
P (46)

In unconventional reservoir mechanics problems, to
facilitate calculation, volume deformation is usually simplified
to a uniaxial strain. Assuming that the research unit is infinite,
the corresponding horizontal strain is assumed to be zero, that
is, €55 = €33 = 0; the overlying rock pressure is constant, 6, =
const. Then, eq 34 can be simplified to the expressions of
horizontal stress in the other two main directions:

Vo, 1—-2v
4 (p + Ke,)
1—v 1—v (47)

At this moment, the average compressive stress and its
increment acting on the matrix unit body are

o; 1+ vo, 2(1 — 2v

GZZUI 11+ ( )( +I<€)

3 3(1 —v) 3(1 —v) (48)

2(1 = 2)
3(1 —v)

Oy = 033 =

do=0-0,= [K(e, — &9) + (p — p,)]
(49)
Substituting eq 39 into eq 44 and eq 46, we can get the
mathematical expressions of matrix permeability with respect
to pore pressure and adsorption expansion strain:

k=kye 3 v+ —Le—e
N T LAY B TC Y L

P
(50)
2.3. Model Implementation. Figure 5 depicts the
numerical solution process of the salt—water two-phase
imbibition coupled rock deformation differential equations.
First, a semi-implicit numerical method is used to solve the
matrix solute salinity, and then, the water saturation in the rock
is explicitly solved. The original nonlinear algebraic partial
differential equation and its initial and boundary conditions are
discretized into a linear difference equation to form a discrete
equation matrix form; see the following equations (eqs
51—64); Moreover, the model convergence time step At and
space step Ax are calculated to ensure the convergence of the
equation. The spatial area and running time were discretized
into M*N grids, and then, the initial water saturation, ion
salinity, and pressure were assigned to each spatial grid; What
is more, discrete boundary conditions and the initial conditions
were combined, and the spatial distribution of water saturation
and salinity in the matrix under the influence of stress field
changes were solved; Last but not least, if the calculation
results are convergent, the computed values will be used as the
initial value for the next time step calculation. Otherwise, step
3 must be repeated until the output result at the former
moment converges; the last step is to detect the model running
time. If the estimated computation time is reached, the
program ends, and the calculation results for each time step are
generated. If not, then, return to step 3 for calculation of the
next time step.
The water—salt-phase discretized differential equation and
auxiliary conditions for the imbibition process are as follows:
For the space from 2 to N-1 grids, the water phase difference
equation is

(o) S o xpm (R, + RY)  OR,
Sy (R, + R)(1 — R,))’ 05, "
Sar;rl - S:,i — a;- 1/28\:1 1 t+1/ZS:nT1
At (Ax)? (Ax)*
“in—l/z 111/2 nt1
- (—5 +-——3)S
(Ax)*  (Ax) (s1)

where the water phase transfer term is a nonlinear function of
the water phase relative permeability and pressure, which can
be expressed as

w9, —p —p)

—p e :
H, dSw (52)

The mass transfer term is calculated using the pressure and
water phase saturation at the previous time step. For strong
nonlinear items such as relative permeability and capillary
force, single-point upstream weighting is used; other
parameters involving grid junctions are calculated using the
harmonic average. Therefore, the water phase mass transfer
term at the grid junction is

n 2“ a1+1

AGir1/2 =
ai + al,_rl (53)

For the first spatial grid (outer boundary conditions):
St = Sum (54)
For the N-th spatial grid (inner boundary conditions):

(S )n+1 _ (S )n+1 —o

Ax (55)
Initial conditions for each spatial grid:
(S0 = Swo (56)

The cumulative volumetric water absorption for the matrix
at different imbibition times is given by eq 57:

L
W= /0 AP(S,, — S.0) dx

(57)

where W is the total water content imbibed by the shale matrix,
3

m”,
By deriving both ends of eq 57, the matrix water absorption

rate can be obtained, as shown in eq 58:

dw
dt (58)
where q represents the water imbibition rate, m®/s.

Similarly, for the space grid from 2 to N-1 grid, the
difference equation of salt-phase discretization is displayed as

q:

nS\Z;H B Swl n 1n+1 B C;1
(¢o); + (¢S,);
n n+1 n n n
_ i—1/2%i—1 1+1/251+1 —( i—1/2 i+1/2) nt1
(Ax)® (Ax)* (Ax)*  (Ax)
(59)

where it is proposed that the salt-phase conduction term is
expressed as a function of the ion diffusion coefficient and
membrane efficiency. The expression is
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b= (1-n)¢D,

The salt-phase mass transfer term at the grid junction is
calculated as the harmonic average of each grid parameter at
the previous time step:

(60)

n 2bin iy-ltl

- b" + b}, (61)
For the first spatial grid (outer boundary conditions):
=0 (62)
For the N-th spatial grid (inner boundary conditions):

n+1 n+1

N T ON-1 0

Ax (63)

Initial conditions for each spatial grid:
6 =c (64)

3. MODEL VALIDATION

We conducted one-dimensional water imbibition physical
simulation under geological temperature conditions of 300 K
using low-field high pressure gradient nuclear magnetic
resonance and an online displacement monitoring method. It
was used to characterize how water flows further into a certain
shale matrix core. Prior to the experiment, we would saturate
the core with nitrogen gas to simulate the initial subsurface gas
reservoir conditions. To illustrate how the displacement
pressure promotes water imbibition on the core side, we
would upload the water pressure on the inlet side and form a
positive pressure difference to drive water deeper into the core.
Finally, we obtained the water spatial distribution within the
core matrix along the imbibition direction and the accumu-
lative water amount at different times.

The experimental data of water imbibition within a certain
shale core are used to validate the model reliability throughout
historical matching. Based on this model, the water saturation
distribution, water imbibition distance, and matrix petrophys-
ical property alteration at different stages were predicted. The
adopted model parameters are shown in Table 1, which are
from the experimental core data and historically inverted data
(labeled as symbol *)

Table 1. Model Parameters Used in the One-Dimensional
Water Imbibition Coupled with the Geomechanical Model

parameter value parameter value
core diameter (m) 0.025 core length (m) 0.0682
matrix permeability 0.000654  matrix porosity 0.0339
(mD)
clay mineral content 0.347 water vicosity (mPa-s) 1
initial water saturation 0.001 equivalent salt 6000
concentration (ppm)*
end point of water phase  0.60 end point of salt-phase  0.31
relative permeability relative permeability
injection pressure 35 experimental 300
difference (MPa) temperature (K)
imbibition duration (h) 396 rock initial elastic 20
modulus (GPa)
clay semipermeable 0.15 water diffusion 1.6e-9
membrane efficiency* coefficient (m?/s)*
rock density (kg/m?) 2600 Poisson’s ratio 0.21
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It can be seen from Figure 6 that comprehensively
considering capillary force, osmotic pressure, water adsorption

o
o

o
o

et
“

== TImbibition experiment

Core water accumulation volume(mL)

04 ~—Model calculation result
03 Without capillary pressure
02 Without osmoesis pressure
~— Without injection pressure difference
01 Without water adsorption
0.0

0 30 60 90 120 150 180 210 240 270 300 330 360 39 420

Water imbibition(h)

Figure 6. Shale core water accumulation volume with respect to time
by different models.

onto the clay, and injection pressure difference, the tendency
curve calculated by the numerical model is generally consistent
with the shale core water imbibition experimental curve with a
fitting effect of more than 85%. It could be used to validate the
accuracy of the water imbibition model.

As depicted in Figure 7, when the model does not consider
any water invasion mechanisms, the cumulative water inflow

.g 090 0.8848

T 088 A A 2

E 036 4.70%

B 9.61% 08432 7.46%

g 084 11.25% Y

2 o v 0.8148
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=

2 074

2

S 072

~
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capillary  osmosis injection water
pressure pressure pressure  adsorption

difference
Model types

Figure 7. Comparison of the ultimate cumulative water accumulation
volume calculated by different models.

and water inflow rates of shale are significantly reduced. In
addition, when capillary force is not considered in the model,
the calculated cumulative water imbibition volume of the core
is 0.7998 mL, which is 9.61% lower than the numerical model
proposed in this paper. What is more, the cumulative water
imbibition amount estimated by the model without consider-
ing osmotic pressure is confirmed to be 4.70% lower than the
numerical simulation results. Meanwhile, if the model includes
the injection pressure difference, in other words, the water
imbibition belongs to the forced imbibition process, the
calculation result is about 11.25% higher than the accumulated
spontaneous water intrusion amount. Additionally, when the
clay water adsorption mechanism is not considered in the core
water imbibition process, the imbibed water accumulation
within the shale core is reduced by 7.46%. In summary, the
more comprehensive the water imbibition mechanisms
included in the numerical simulation in this paper, the higher
the accuracy of predicting the water imbibition process within
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shale cores, which is conducive to carry out accurate analysis in
the correlation between water imbibition and stress-sensitive
flow capacity of shale cores.

Core water invasion is affected by capillary force, osmotic
pressure, and injection pressure difference (Figure 8). Capillary

70000000
Total driving pressure
\
= 60000000 F Capillary pressure
9:.’, 20000000 \ Osmosis pressure
é N Injection pressure difference
S —
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Figure 8. Correlation curve between the shale core water invasion
driving force and water saturation.

force and osmotic pressure are negatively correlated with water
saturation: as water saturation increases, the difference in
salinity inside and outside the core gradually becomes smaller,
and therefore, the osmotic pressure dynamic decreases.
Meanwhile, under the action of water invasion driving forces,
the water saturation in the core gradually increases until the
water saturation difference inside and outside becomes zero.
Thereafter, the decline in the capillary pressure leads to a
decrease in the driving forces for the water imbibition process.

As displayed in Figure 9, the water saturation profile spreads
in a funnel shape to the central core away from the water
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Figure 9. Shale core water saturation distribution profiles at different
durations

imbibition end face of the core. The water saturation decreases
significantly as the distance away from the core imbibition end
increases: as the imbibition lasts for 12 h, the water imbibition
distance is less than 0.01 m. At 1 week of imbibition duration,
the water imbibition thickness is calculated to be 0.04 m. At
the end of the experiment (16.5 days), the rock is not
completely water invaded. Not until 21 days after imbibing
water is the rock fully water invaded and the core average water
saturation is basically distributed above 0.9. As shown in Figure
10, the salt concentration inside the core increases with the
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Figure 10. Shale core salinity profile distribution curves at different
durations.

imbibition distance within the matrix, and the solution
concentration inside the core is negatively correlated with
the imbibition duration: when the water imbibition time is 1
week, the salinity inside the core is basically 0. It is calculated
by the model that the rock water imbibition distance increases
in the form of a power function law as the water duration time
goes up (Figure 11). When the water duration time reaches
17.20 days, the rock water just fully saturates the rock.
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0.06 .
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|
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Core water imbibition distance(m)

0 4 s 12
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Figure 11. Correlation chart between core water imbibition depth
versus imbibition duration.

It can be seen from Figures 12 and 13 that the higher the
water saturation inside the rock, the higher the elastic modulus
decreases exponentially. When the water saturation increases
from 0 to 0.7, the elastic modulus decreases by 6.96%. This is
due to the water imbibition inside the rock, the core average
water saturation increases and further can be converted into
water vapor affected by relative pressure, leading to an increase
in the relative humidity. Moreover, strong forces such as
hydrogen bonds between the adsorbed water vapor molecules
and the clay mineral particles, as well as the generated double
electric layer repulsion, all promote the increase in the distance
between the double electric layers of clay and result in the clay
minerals’ macroscopic swelling deformation, strengthening the
reduction in the cementation between solid rock particles and
thus weakening the elastic modulus.

As seen in Figure 14, the stress sensitivity after hydration is
higher than that before hydration: the core permeability after
hydration decreases exponentially from 3.16 X 10™* mD to
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4.39 X 107 mD. The stress sensitivity coefficient by fitting is
0.428 MPa™’; after hydration, the core permeability decreases
from 4.50 X 107* to 4.74 X 10> mD, and the stress sensitivity
coefficient is 0.225 MPa™".

4. RESULTS AND DISCUSSION

4.1. Impact of Initial Matrix Permeability on Shale
Water Imbibition. As indicated from Figure 15, the higher
the initial matrix permeability, the higher the water imbibition
accumulation volume.

There is an exponential positive correlation between the
shale water imbibition distance and the initial matrix
permeability (as seen in Figure 16): the greater the initial
matrix permeability, the larger the water flow capacity in the
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core and the lower the viscous resistance, indicating that water
can easily enter the rock, causing a great thickness in rock
water invasion. When the matrix permeability increases by 50
times, the rock water invasion thickness increases by 4.61
times. Meanwhile, it can be confirmed from Figure 17 that the
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Figure 17. Changes in core water saturation and water imbibition
distance with respect to matrix permeability.

core water saturation increases with the matrix permeability,
which meets a power function law: if the matrix permeability
increases from 0.00001 to 0.0005 mD, the average water
saturation increases from 0.146 to 0.697. As a result, the matrix
permeability increased by 50 times, and the average core water
saturation increased by 5 times.

Figures 18 and 19 confirmed that water adsorption in shale
clay minerals triggers matrix swelling deformation. The cores
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0.0001530 indicating that the initial matrix permeability has no direct
relationship with the stress sensitivity coefficient.
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Figure 19. Relationship curves of shale elastic modulus and its loss
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with higher initial matrix permeability cause obvious shale
swelling deformation in the form of a power function law,
inducing a significant decrease in the shale elastic modulus.
This is because the higher the matrix permeability, the higher
the water content absorbed by the core per unit time, leading
to shale clay swelling and thus weakening the rock cementation
significantly. As a result, when the matrix permeability
increases from 0.00001 to 0.0005 mD, the hydrated rock
elastic modulus will decrease by 6.97%. It can be seen from
Figure 20 that the permeability of cores with different initial
matrix permeabilities decreases exponentially with the growth
in effective stress, and the stress sensitivity coefficient before
hydration and post hydration remains basically unchanged,
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Figure 23. Changes in core water saturation and water imbibition
distance with respect to clay mineral contents.

clay mineral content increases: the higher the clay mineral
content, the greater the number of multilayer adsorption sites
for water vapor in the clay particles. Within the same
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imbibition time, water saturation has a positively exponential
correlation with adsorbed water content, and therefore, the
relative humidity linearly increases with water saturation. As a
result, the amount of adsorbed water per unit mass of clay
mineral particles shows a logarithmic growth trend as the clay
mineral content increases, resulting in the greater thickness of
the rock water invasion. When the clay mineral content
increases from 0.15 to 0.45, the average water saturation
increases by 58.12%, and the rock water invasion thickness
increases from 0.0436 to 0.0675 m, an increase of 54.82%.

It can be seen from Figure 24 and Figure 25 that the higher
the clay mineral content in the core, the more multilayer
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Figure 24. Curve of core swelling strain vs clay mineral contents.
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Figure 25. Relationship curves of the shale elastic modulus and its
loss rate with respect to the clay mineral contents.

adsorption of water vapor on the surface of the clay mineral
particles and the greater the amount of adsorbed water per unit
mass of rock, which promotes the growth of the matrix
expansion deformation. When the clay mineral content
increases from 0.15 to 0.45, the elastic modulus loss rate of
shale after hydration increases from 3.07 to 8.86%.

It can be seen from Figure 26 that the higher the clay
mineral content is, the higher the stress sensitivity coeflicient.
When the clay mineral content increases from 0.15 to 0.45, the
stress sensitivity coefficient increases from 0.412 to 0.434
MPa™}, and the core permeability loss rate after hydration is
proportional to the clay mineral content. There is a linear
negative correlation between matrix permeability and swelling
deformation (Figure 27): the higher the clay mineral content,
the more water molecule layers adsorbed on the surface of clay
mineral particles and the more obvious the core swelling
deformation, which affects the matrix permeability more
significantly.
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Figure 26. Correlation chart between core stress sensitivity coeflicient
and permeability loss rate with respect to clay mineral contents.
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4.3. Impact of Injection Pressure Difference on Shale
Water Imbibition. The cumulative water volume of the rock
is positively correlated with the injection pressure difference
(Figure 28).
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Figure 28. Curves of core water accumulation volume with imbibition
duration under different injection pressure differences.

Figure 29 indicates that the higher the core injection
pressure difference, the more the rock water invasion thickness
increases linearly since a higher injection pressure difference is
applied to the shale water invasion end face, and thus, more
adsorbed water enters the interior rock, leading to a linear
increase in water saturation (Figure 30). As indicated in Figure
31, during the shale water imbibition process, multiple layered
water molecules are adsorbed within the shale clay mineral
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Figure 30. Changes in core water saturation and water invasion depth
with respect to injection pressure difference.
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Figure 31. Curve of core swelling strain versus injection pressure
difference.

particles, triggering clay swelling and shale deformation. The
higher the injection pressure difference, the shale expansion
and deformation generally increase linearly.

It is found that the elastic modulus of shale has a negative
correlation with the core injection pressure difference. As
shown in Figure 32, the greater the injection pressure
difference, the greater the amount of adsorbed water per unit
mass of rock, and thus, the shale deformation caused by clay
swelling increases linearly and the rock cementation is
significantly weakened: when the injection pressure difference
increases from 0 to 45 MPa, the elastic modulus of the shale
after hydration decreases from 6.83 to 7.56%. As seen in Figure
33 and Figure 34, the greater the injection pressure difference,
the higher the stress sensitivity coefficient. When the injection
pressure difference increases from 0 to 45 MPa, the stress
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Figure 32. Relationship curves of shale elastic modulus and its loss
rate with respect to the injection pressure difference.
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Figure 33. Correlation chart between core stress sensitivity coefficient
and permeability loss rate with respect to injection pressure difference.
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Figure 34. Comparison of correlation curves between core matrix
permeability and swelling strain at different injection pressure
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sensitivity coefficient increases from 0.412 to 0.434 MPa™', and

the permeability loss rate is proportional to the injection
pressure difference. This is because the larger the core injection
pressure difference, the more water intrudes into the core,
which leads to a greater number of water molecules on the
surface of clay mineral particles, and further results in the more
obvious shale deformation. Ultimately, it occupies the flow
channels and pore spaces in the matrix, resulting in a
significant reduction in matrix permeability.

5. CONCLUSIONS

(1) Water imbibition mechanisms such as capillary force,
osmotic pressure, clay adsorption, and water injection
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pressure difference are demonstrated to play a crucial
role in the water imbibition process within shale matrix,
which improve significantly the prediction of water
imbibition for gas shale.

(2) A theoretical mathematical relationship was established
between water imbibition thickness with respect to
imbibition duration, initial matrix permeability, clay
mineral content, and injection pressure difference. It is
found that water imbibition distance is a power function
of water imbibition duration.

(3) The elastic modulus after hydration is negatively related
to the matrix permeability, clay mineral content, and
injection pressure difference. These bigger control
factors will trigger more water entering matrix and
further result in clay swelling caused by water adsorption
and weakening cementation of solid shale, finally
enhancing the stress sensitivity and inducing the loss
in the permeability.

(4) The theoretical mathematical expression of hydration
stress sensitivity related to the clay mineral content,
water saturation, and injection pressure difference is
directly established. The stress sensitivity coefficient of
cores with different initial matrix permeabilities is
basically unchanged; the higher the clay mineral content,
the higher the stress sensitivity coeflicient; the stress
sensitivity coefficient has a positive power function of
the injection pressure difference.
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