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Abstract: The flow of polymer solution and heavy oil in porous media is critical for polymer
flooding in heavy oil reservoirs because it significantly determines the polymer enhanced oil recovery
(EOR) and polymer flooding efficiency in heavy oil reservoirs. In this paper, physical experiments
and numerical simulations were both applied to investigate the flow of partially hydrolyzed
polyacrylamide (HPAM) solution and heavy oil, and their effects on polymer flooding in heavy
oil reservoirs. First, physical experiments determined the rheology of the polymer solution and
heavy oil and their flow in porous media. Then, a new mathematical model was proposed,
and an in-house three-dimensional (3D) two-phase polymer flooding simulator was designed
considering the non-Newtonian flow. The designed simulator was validated by comparing its
results with those obtained from commercial software and typical polymer flooding experiments.
The developed simulator was further applied to investigate the non-Newtonian flow in polymer
flooding. The experimental results demonstrated that the flow behavior index of the polymer
solution is 0.3655, showing a shear thinning; and heavy oil is a type of Bingham fluid that overcomes
a threshold pressure gradient (TPG) to flow in porous media. Furthermore, the validation of the
designed simulator was confirmed to possess high accuracy and reliability. According to its simulation
results, the decreases of 1.66% and 2.49% in oil recovery are caused by the difference between 0.18
and 1 in the polymer solution flow behavior indexes of the pure polymer flooding (PPF) and typical
polymer flooding (TPF), respectively. Moreover, for heavy oil, considering a TPG of 20 times greater
than its original value, the oil recoveries of PPF and TPF are reduced by 0.01% and 5.77%, respectively.
Furthermore, the combined effect of shear thinning and a threshold pressure gradient results in
a greater decrease in oil recovery, with 1.74% and 8.35% for PPF and TPF, respectively. Thus,
the non-Newtonian flow has a hugely adverse impact on the performance of polymer flooding in
heavy oil reservoirs.

Keywords: polymer flooding; heavy oil; non-Newtonian flow; numerical simulation; threshold
pressure gradient

1. Introduction

The worldwide demand for petroleum resources will continue to increase before new alternative
energy sources are maturely developed and widely applied [1]. With this rapid growth in the demand
of petroleum resources, heavy oil has attracted increasing attention because of its huge reserves [2,3].
Cold production techniques including water flooding, polymer flooding, surfactant flooding and
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alkaline flooding, as well as thermal recovery techniques including Huff and Puff, steam flooding,
steam-assisted gravity drainage and in-situ combustion have been widely used for heavy oil
exploitation [4]. Although a thermal recovery technology can reduce the viscosity of heavy oil
to improve its recovery, it still suffers many disadvantages such as high costs and limited use in deep
reservoirs [5]. Polymer flooding is one of the most mature technologies for improving the water
flooding performance and enhanced oil recovery due to its ability in reducing the water-oil mobility
ratio [6]. Moreover, polymer flooding can improve sweep efficiency in heterogeneous reservoirs
compared with other cold recovery technologies [7]. Its successful application in heavy oil reservoirs
has alleviated the pressure on the petroleum resources demand to some extent [8,9]. Therefore,
polymer flooding is increasingly attracting attention in the development of heavy oil reservoirs [10].

Investigating fluid flow in porous media can provide theoretical guides for improving the
performance of polymer flooding and enhanced oil recovery (EOR) in heavy oil reservoirs [11].
Many scholars have studied the polymer solution and heavy oil rheology and their flow in porous
media [12–14]. It was found that the rheology of the polymer solution and heavy oil differs from
that of Newtonian fluids, and exhibits non-Newtonian fluid characteristics because both polymer
solution and heavy oil contain high molecular weight components, which form a spatial network
structure [15,16]. Some researchers have combined rheological results from experiments and theories
with their flow behaviors in porous media to enrich and improve the understanding of their transport
in heavy oil reservoirs. For example, some models were proposed to convert a polymer solution flow
rate into an equivalent shear rate to study its rheology in porous media [17–20], due to the fact that
flow rate rather than the shear rate is generally known in the fluid flow through porous media [21].
In terms of heavy oil, it was reported that heavy oil needs to overcome a certain yield stress to flow,
showing the characteristics of Bingham fluid [22,23]. A certain threshold pressure gradient (TPG),
corresponding to this certain yield stress, must be overcome when heavy oil begins to flow in porous
media [24,25]. The yield stress of heavy oil can be obtained by rheological experiments, while TPG can
be obtained by TPG measurement experiments. Many methods including the steady pressure-velocity
method [26], unstable method [27], capillary balance method [28], and micro-flow method [29] have
been proposed to accurately measure TPG. Some of these methods have disadvantages such as large
errors, are highly time-consuming, and have difficult data acquisition [30]. The micro-flow method
is a recommended one because of its accuracy and acceptable time requirement [31]. The existing
comprehensive flow research and accurate experimental measurements can provide a strong support
for the EOR of polymer flooding in heavy oil reservoirs [32].

In addition, numerical reservoir simulation, a powerful approach, is a helpful complement
to experiments in investigating the fluid flow in porous media and polymer flooding in heavy
oil reservoirs. Compared with experiments, numerical reservoir simulation has advantages in
efficiently predicting polymer flooding, as well as evaluating and analyzing factors controlling polymer
flooding [33]. With the continuous improvement of numerical reservoir simulation, the numerical
simulation of polymer flooding has made great progress, and can simulate most conventional fluid
characteristics, flow mechanisms and processes [18,34]. Furthermore, the non-Newtonian flow of
polymer solution can also be well illustrated [35]. Unlike the non-Newtonian flow of the polymer
solution, the characteristics of the non-Newtonian flow of heavy oil, especially the threshold pressure
gradient (TPG), are not well treated or considered in the numerical simulation of polymer flooding in
heavy oil reservoirs [19]. Many commercial numerical simulators of polymer flooding such as ECLIPSE
(Houston, TX, USA) and the Computer Modeling Group (CMG) STARS (Calgary, AB, Canada) have
also had similar problems [36,37]. Although some methods have been proposed to describe TPG
in the numerical simulation of heavy oil reservoir water flooding [38], the numerical simulation of
polymer flooding in heavy oil reservoirs considering heavy oil TPG has rarely surfaced. This may
lead to incorrect simulation results, and is unable to provide guidance of polymer flooding and its
development forecasting in heavy oil reservoirs. Therefore, it is necessary to design a simulator that
can accurately describe the heavy oil TPG for polymer flooding in heavy oil reservoirs.
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In this paper, physical experiments were conducted to study the rheology of the polymer solution
and heavy oil, and their flow in porous media. The viscosities of a polymer solution with the same
polymer concentration and an original heavy oil were measured at different shear rates to recognize
their rheology, and the viscosities of polymer solutions with different polymer concentrations were
measured to estimate the increasing viscosity capacity of the polymer. The micro-flow method was
applied to measure the heavy oil TPGs, and a typical polymer flooding (TPF) experiment was carried
out to analyze the heavy oil flow in porous media. In addition, a new mathematical model was
proposed, and an in-house 3D two-phase simulator was designed with consideration of heavy oil TPG
for polymer flooding in heavy oil reservoirs. The designed simulator was validated by comparing its
simulation results with those from the ECLIPSE V2013.1 software (Houston, TX, USA) and the TPF
experiments. Moreover, the designed simulator was applied to investigate the effects of non-Newtonian
flow on production indicators, including a pressure difference, water cut, and oil recovery. These results
can assist to improve the performance of polymer flooding in heavy oil reservoirs.

2. Methodology

2.1. Physical Experiments

2.1.1. Materials

The information of the materials including the polymer, brine, original heavy oil, and core samples
are provided in Tables 1–5, respectively. Here, the SARA (saturates, aromatics, resins and asphaltenes)
fractions and viscosity of the original heavy oil (marked as heavy oil sample #1) were measured on
a CG-CF11 rod-thin-layer chromatography from Chuange Sence (Changsha, China) and a Physica
MCR301 advanced rotary rheometer from Anton Paar (North Ryde, NSW, Australia). The schematic
diagram of the rheometer with a parallel-plate geometry is presented in Figure 1, and the measurement
gap was set to 1 mm for all heavy oil and polymer solution samples in this paper. The heavy oil
samples #2, #3 and #4 with viscosities of 162.2, 118.7, and 73.8 mPa·s, respectively, at 25 ◦C, as used in
this paper, were reconstituted oil obtained by mixing the original heavy oil with kerosene. The core
samples #1–4 were obtained from the same large artificial core as well as the core samples #5–8, #9–12
and #13–16, so they were considered to have the same properties although their measured permeability
and porosity are slightly different.

Table 1. Polymer properties.

Properties Description/Value

Type HPAM
Molecular weight 2.52 × 107

Solid content, wt % 91
Hydrolysis degree, % 26

Filtration factor 1.4
Dissolution rate, hour <2
Insoluble matter, wt % 0.15

Granularity ≥ 1.0 mm, % 4.9
Granularity ≤ 0.2 mm, % 2.5

Table 2. Ion component concentrations in brine.

Ion Components Concentration, mg/L

Na+ and K+ 217.73
Ca2+ 61.16
Mg2+ 27.66

HCO3
− 309.59

CO3
2− 76.13

SO4
2− 158.35

Cl− 135.00
TDS 985.60
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Table 3. Original heavy oil composition and basic physical properties.

Parameters Saturate,
wt %

Aromatic,
wt %

Resin, wt
%

Asphaltene,
wt %

Density
(25 ◦C), kg/m3

Viscosity
(25 ◦C), mPa·s

Value 56.15 28.87 13.52 1.46 938.30 202.70

Table 4. Parameters of core samples used to study the relationship between TPG and mobility.

Core Number Length, cm Diameter, cm Porosity, % Permeability, mD

#1 25.06 2.49 19.42 103
#2 25.10 2.51 19.44 104
#3 25.08 2.50 19.41 103
#4 25.07 2.49 19.44 105
#5 25.18 2.50 21.62 458
#6 25.16 2.51 21.60 456
#7 25.17 2.49 21.60 455
#8 25.16 2.50 21.61 457
#9 25.05 2.50 23.38 863
#10 25.08 2.49 23.40 864
#11 25.02 2.48 23.36 862
#12 25.04 2.49 23.36 862
#13 25.12 2.50 25.04 1683
#14 25.09 2.49 25.08 1685
#15 25.06 2.50 25.12 1686
#16 25.11 2.51 25.10 1685

Table 5. Parameters of core samples used to perform polymer flooding experiment.

Parameters
Core Name

High Permeability
Layer (HPL)

Middle Permeability
Layer (MPL)

Low Permeability Layer
(LPL)

Length, cm 30 30 30
Width, cm 4.5 4.5 4.5
Height, cm 1.5 1.5 1.5
Porosity, % 26.2 25.6 25

Permeability, mD 1800 900 300
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2.1.2. Polymer Solution Preparation

The polymer solution was prepared at an ambient temperature of 25 ◦C, and its procedure was
as follows:

1. One-hundred-and-ninety-nine milliliters of brine, whose ion component concentrations are
shown in Table 2, was stirred under 200 revolutions per minute (rpm) using a JJ-1B stirrer from
Xinrui Instrument Factory (Changzhou, China).

2. 1.096 g of polymer, whose properties are given in Table 1, was evenly added to the brine vortex
in 30 s.

3. The stirrer speed of the JJ-1B stirrer was reduced to 100 rpm, and continued to run for 2 h.
4. The JJ-1B stirrer was stopped, and the polymer solution was deoxidized, sealed and statically

stored in a brown glass bottle for 12 h.
5. Steps 1–4 were repeated, and 400 mL of polymer solution with a concentration of 5000 mg/L

was obtained.
6. Fifty milliliters of polymer solutions with a concentration of 5000 mg/L were diluted with 450,

200,116.67, 50 mL of brine, and 200 mL of polymer solution with a concentration of 5000 mg/L
was diluted with 300 mL of brine.

7. After dilution, all polymer solutions were stirred at 100 rpm for 0.5 h using the JJ-1B stirrer.
8. The JJ-1B stirrer was stopped. To simulate the polymer degradation caused by a high shear rate

in a near-wellbore region, all polymer solutions were sheared under 16,900 rpm for 35 s using a
Waring 7012S blender (Waring Products, Torrington, CT, USA) to perform pre-shearing.

9. The Waring 7012S blender was stopped, and all polymer solutions were deoxidized, sealed,
and statically stored in brown glass bottles for 12 h. Five-hundred, 250, 166.67, 500 and 100 mL
of polymer solutions with concentrations of 500, 1000, 1500, 2000, and 2500 mg/L, respectively,
were obtained.

2.1.3. Rheological Testing

The rheological testing analyzed the polymer solution with a concentration of 2000 mg/L and
heavy oil sample #1. The viscosity of the polymer solution with different concentrations was tested at a
shear rate of 7.6 s−1 and the tests were performed on the Physica MCR301 advanced rotary rheometer
at 25 ◦C.

2.1.4. Threshold Pressure Gradient Measurement

The flow chart in Figure 2 shows the order of devices used for TPG measurement. The procedures
are as follows:

1. The experimental devices were connected according to Figure 2, and the temperature of the
thermotank was set to 25 ◦C.

2. The brine was used to displace the core sample at a flow rate of 0.05 mL/min until the volume of
injected heavy oil sample reached four times the pore volume (PV) of the core sample, which had
been saturated with the brine and placed for at least 24 h before the TPG measurement started.

3. The heavy oil sample was used to displace the brine in the core sample at a flow rate of
0.05 mL/min after bypassing the oil column tube #1. The displacing flow rate was increased
to 0.5 mL/min when the water cut at the outlet was lower than 2% until no water production.
The core sample was saturated with bound brine and a heavy oil sample was obtained.

4. The height of the oil column in the oil column tube #2 was lowered to about 5 cm, and the oil
column in tube #1 was put into use. The height of the oil column in oil column tube #1 was raised
to the same height as that in oil column tube #2. This condition was kept for 24 h.

5. The heavy oil sample was used again to displace with a flow rate of 0.002 mL/min, and the
height of the oil column in the oil column tube #1 increased gradually. The pressure gradient was
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the TPG of the heavy oil sample when the height of the oil column in oil column tube #2 began
to rise.

Notably, air was prevented from entering the measurement system to avoid its effect on the
accuracy of the TPF measurement.
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2.1.5. Typical Polymer Flooding Experiments

The flow charge of a typical polymer flooding (TPF) experiment is presented in Figure 3, and its
procedure is as follow:

1. The experimental devices were connected according to the flow chart, and the temperature of the
thermotank was also set to 25 ◦C.

2. The process of completely saturating a core sample with a heavy oil sample and bound brine was
similar to that of the TPG measurement.

3. Initial water flooding. After saturating, the brine was used to displace at a constant flow rate of
0.4 mL/min until the volume of the injected brine reached 1 PV.

4. Polymer flooding. The polymer solution with a concentration of 5000 mg/L was used to displace
at a constant flow rate of 0.4 mL/min until the volume of the injected brine reached 0.4 PV.

5. Extended water flooding. The brine was used again to displace at a constant flow rate of
0.4 mL/min until the volume of the injected brine reached 2.6 PV.

Notably, avoiding air was also required during the TPF experiments.
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2.2. Mathematical Model

2.2.1. Assumptions

The assumptions for the mathematical model included:

1. Only the oil and water phases were involved in the polymer flooding process and no mass
exchange occurred between them.

2. The mixture of water and polymer was ideal, and was presented only in the water phase.
3. The fluids were compressible, and the rock was not only compressible but anisotropic.
4. The flow was isothermal, and non-Newtonian flow was advised.
5. The injection of polymer only affected the permeability of the water phase and did not affect the

permeability of the oil phase.
6. The effects of the capillary force and gravity were taken into account.

2.2.2. Mechanisms

Compared to water flooding, the polymer flooding process is more complicated and is
accompanied by complex parameter changes. This is especially true for polymer flooding in heavy oil
reservoirs. More parameter changes need to be considered and mainly include the viscosity changes of
the water phase, polymer adsorption, the permeability reduction of the water phase, inaccessible pore
volumes, and the TPG of heavy oil.

The viscosity of the water phase changes with the injection of the polymer solution and is affected
by the mixing degree of the water and the injected polymer solution, polymer concentration, and a
shear rate. First, the Todd-Longstaff mixing parameter was introduced to describe the mixing degree
of the water and the injected polymer solution [39,40]. In this study, the mixing of the water and
the injected polymer solution was ideal, and the Todd-Longstaff mixing parameter was set to one,
which meant that the effective viscosity of the water phase was equal to that of the fully mixed polymer
solution. Moreover, the Flory–Huggins equation was applied to treat the relationship between the
viscosity of the polymer solution at the zero shear rate and the concentration of the polymer and salt,
which was written as [18,20,41]:

µ0
p = µw

[
1 +

(
ap1cp + ap2c2

p + ap3c3
p

)
cs

sp
]

(1)

where µ0
p is the viscosity of the polymer solution at the zero shear rate in Pa·s, µw is the water viscosity

in Pa·s, ap1, ap2 and ap3 are the parameters in (kg/m3)−1; cp is the polymer concentration in kg/m3; cs is

the salt concentration in kg/m3; sp is the slope between
(
µ0

p − µw

)
/µw and cp on a log-log plot. Here,

the effect of the salt concentration was neglected by setting sp to zero. In addition, the dependence of
the polymer solution viscosity on shear rate was modeled by Meter’s equation, which is expressed
as [19,42]

µps = µw +
µ0

p − µw

1 +
( .

γeq
.
γ1/2

)(ap4−1)
(2)

where µps is the shear viscosity of the polymer solution in Pa·s.
.
γeq is the equivalent shear rate in

s−1,
.
γ1/2 is the shear rate at which the viscosity is equal to (µ0

p+µw)
2 , and ap4 is a parameter. Here,

Equation (3) was proposed to describe the relationship between the equivalent shear rate and the
Darcy velocity of the polymer solution [17].

.
γeq = 4

(
3n + 1

4n

) n
n−1 vp√

8kφσ
(3)
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where n is the flow behavior index, vp is the Darcy velocity of the polymer solution in m/s, and k is the
permeability of rock in m2. φ is the porosity, and σ is the tortuosity of pores. Here σ is equal to 25/12.

During the flow of polymer solution through the rock, some polymer molecules will inevitably
be adsorbed on the inner surfaces of pores in the rock [43]. Here, the Langmuir adsorption isotherm
model was applied to treat polymer adsorption [44,45]:

cap = capmax
bpcp

1 + bpcp
(4)

where cap is the adsorbed concentration of polymer in kg/kg, capmax is the maximum adsorbed
concentration of polymer in kg/kg, and bp is the adsorption coefficient.

The adsorbed polymer molecules will cause a permeability reduction of the water phase [18].
Here, the permeability reduction of the water phase was implemented by a factor of Rk, which is [46]:

Rk = 1 + (RRF− 1)
cap

capmax
(5)

where RRF is the residual resistance factor, defined as the ratio between the brine permeability
measured before and after the polymer solution flows through the core.

Polymer cannot enter some small pores when the polymer solution flows through the rock,
which results in an inaccessible pore volume [47]. Here, the inaccessible pore volume is treated by a
factor of fipv, which is given as:

fipv =
Vi
Vp

(6)

where Vi is the polymer inaccessible pore volume in m3 and Vp is the pore volume in m3.
Heavy oil needs to overcome a TPG to flow [48], and the TPG of heavy oil can be calculated from

the TPG measurement experiments.

2.2.3. Equations

The flow of the water phase was in accordance with Darcy’s law, and its flow equation was [20]:

→
νw =

→
k krw

µwpRk
∇Φw (7)

where
→
νw is the water phase velocity tensor in m/s,

→
k is the absolute permeability tensor in m2, krw is

the relative permeability of brine, and µwp is the viscosity of the water phase in Pa·s; ∇ is the gradient
operator, and Φw = pw − ρwgD in Pa; pw is the pressure of the water phase in Pa, ρw is the density of
the water phase in kg/m3, g is the gravitational acceleration in m/s2, and D is the vertical height of m.

Because the heavy oil flow through the rock no longer follows Darcy’s law, the oil phase flow
equation had to be corrected with consideration of the TPG of heavy oil [24]:

→
νo =


→
k kro
µo

(∇Φo − G) i f ∇Φo > G
0 i f ∇Φo ≤ G

(8)

where
→
νo is the oil phase velocity tensor in m/s, kro is the relative permeability of the oil phase, and µo

is the viscosity of the oil phase in Pa·s; Φo = po − ρogD in Pa, po is the pressure of the oil phase in Pa,
ρo is the density of the oil phase in kg/m3, and G is the TPG of the oil phase in Pa/m.

According to the conservation of mass, the continuity equations of all components in ground
standard conditions can be obtained by combing the flow equations:
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for water:

∇·
( →
νw

Bw

)
+ qw =

∂

∂t

(
φsw

Bw

)
(9)

for polymer:

∇·
( →
νw

Bw

)
+ qwcp =

∂

∂t

[
φ
(
1− fipv

)
swcp

Bw

]
+

∂
[(

1− fipv
)
(1− φ)ρrcap

]
∂t

(10)

for oil:

∇·
( →
νo

Bo

)
+ qo =

∂

∂t

(
φso

Bo

)
(11)

where Bw and Bo are the water and oil phase formation volume factors in m3/m3, respectively.
qw and qo are the source/sink terms for the water and oil phases in m3/(s·m3), respectively. The source
term is negative, and the sink term is positive. ∂ is the symbol used to denote partial derivatives,
t is time in s; sw and so are the water and oil phase saturations, respectively; ρr is the rock density
in kg/m3.

Although the flow and continuity equations described the basic flow characteristics,
the interrelationship between some physical quantities in the equations needed to be additionally
described by the auxiliary equation and the equations of state.

The auxiliary equations included:
sw + so = 1 (12)

pcow(sw) = po − pw (13)

where pcow(sw) is the capillary pressure in the water-oil system in Pa, which is a function of the water
phase saturation.

The equations of fluids, rock and rock-fluids included:

kro = kro(sw) (14)

krw = krw(sw) (15)

ρo = ρo(po) (16)

ρw = ρw(pw) (17)

φ = φ(pr) (18)

where pr is the reservoir pressure in Pa.

2.2.4. Solution Method

The above equations provided a general description of polymer flooding in heavy oil reservoirs
and might have multiple solutions. Therefore, definite conditions were given to obtain the unique
solution for this specific study. The definite conditions included the initial and boundary conditions.

The initial conditions included the distribution of initial pressure, saturation and
polymer concentration:

pr(x, y, z)|t=0 = pri(x, y, z) (19)

sw(x, y, z)|t=0 = swi(x, y, z) (20)

cp(x, y, z)
∣∣t=0 = cpi(x, y, z) (21)
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where (x, y, z) are the coordinates, pri is the initial reservoir pressure in Pa, swi is the initial water phase
saturation, and cpi is the initial polymer concentration in kg/m3.

The boundary conditions included the outer and inner boundaries. The outer boundary was a
closed boundary with no-flow, which was:

∂p
∂n

∣∣∣∣
B
= f (x, y, z, t) = 0 (22)

where ∂p
∂n

∣∣∣
B

denotes the derivative of the boundary pressure in the direction of the outer normal.
The inner boundary conditions were calculated as follows:

Qw(x, y, z, t)
∣∣∣(x,y,z)well

= Qw(t) (23)

Qo(x, y, z, t)
∣∣∣(x,y,z)well

= Qo(t) (24)

cp(x, y, z, t)
∣∣∣(x,y,z)well

= cp(t) (25)

where Qw and Qo are the flow rates of the water and oil phases, respectively; (x, y, z)well is the grid
coordinate of a well.

Although the definite conditions were given, it was very difficult to solve the above partial
differential equations by analytical methods [49], especially for the 3D model. Therefore, the control
volume finite difference method, a numerical method, was proposed to solve the equations, and a
block-centered grid was simultaneously employed as the grid system. The corresponding discretized
forms of the continuity equations are as follows:
for water:

(Tλw∆Φw)
n+1
i+1/2,j,k − (Tλw∆Φw)

n+1
i−1/2,j,k + (Tλw∆Φw)

n+1
i,j+1/2,k − (Tλw∆Φw)

n+1
i,j−1/2,k

+(Tλw∆Φw)
n+1
i,j,k+1/2 − (Tλw∆Φw)

n+1
i,j,k−1/2 + Qwn+1

i,j,k

=

[(
vφsw
Bw

)n+1

i,j,k
−
(

vφsw
Bw

)n

i,j,k

]
/∆t

(26)

for polymer:

(Tλwcp∆Φw)
n+1
i+1/2,j,k − (Tλwcp∆Φw)

n+1
i−1/2,j,k + (Tλwcp∆Φw)

n+1
i,j+1/2,k − (Tλwcp∆Φw)

n+1
i,j−1/2,k

+(Tλwcp∆Φw)
n+1
i,j,k+1/2 − (Tλwcp∆Φw)

n+1
i,j,k−1/2 + (Qwcp)

n+1
i,j,k

=

{[ vφ(1− fipv)swcp
Bw

]n+1

i,j,k
−
[ vφ(1− fipv)swcp

Bw

]n

i,j,k

+
[
v(1− fipv)(1− φ)ρrcap

]n+1
i,j,k −

[
v(1− fipv)(1− φ)ρrcap

]n
i,j,k

}
/∆t

(27)

for oil:

(Tλo∆Ψo)
n+1
i+1/2,j,k − (Tλo∆Ψo)

n+1
i−1/2,j,k + (Tλo∆Ψo)

n+1
i,j+1/2,k − (Tλo∆Ψo)

n+1
i,j−1/2,k

+(Tλo∆Ψo)
n+1
i,j,k+1/2 − (Tλo∆Ψo)

n+1
i,j,k−1/2 + Qon+1

i,j,k

=

[(
vφso
Bo

)n+1

i,j,k
−
(

vφso
Bo

)n

i,j,k

]
/∆t

(28)

where n and (i, j, k) are the time step number and the grid block number. Ti+1/2,j,k =
2(dydzkxx)i,j,k(dydzkxx)i+1,j,k

(dydzkxx)i,j,kdxi+1,j,k+(dydzkxx)i+1,j,kdxi,j,k
, which is the conductivity coefficient in the x direction between

the grid blocks (i, j, k) and (i + 1, j, k) in m2·m, in which dx, dy, and dz are the sizes of the grid block
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in the x, y and z directions in m, respectively; and kxx is the absolute permeability in the x direction.
∆Φwi+1/2,j,k = pwi+1,j,k − pwi,j,k − 1

2

(
ρwi+1,j,k + ρwi,j,k

)
g
(

Di+1,j,k − Di,j,k

)
is in Pa, and

λwi+1/2,j,k =


(

krw
µweBwRk

)
i+1,j,k

i f ∆Φwi+1/2,j,k ≥ 0(
krw

µweBwRk

)
i+1,j,k

i f ∆Φwi+1/2,j,k < 0

is in (Pa·s)−1.

∆Ψoi+1/2,j,k =

{
∆Φ0i+1/2,j,k − (Gdx)i+1/2,j,k i f ∆Φ0i+1/2,j,k > (Gdx)i+1/2,j,k

0 i f ∆Φ0i+1/2,j,k ≤ (Gdx)i+1/2,j,k

is in Pa, where ∆Φoi+1/2,j,k = poi+1,j,k − poi,j,k − 1
2

(
ρoi+1,j,k + ρoi,j,k

)
g
(

Di+1,j,k − Di,j,k

)
is in Pa,

and (Gdx)i+1/2,j,k = 1
2

(
Gi+1,j,kdxi+1,j,k + Gi,j,kdxi,j,k

)
, which is in Pa. Qwi,j,k and Qoi,j,k are the

water and oil flow rates in the grid block (i, j, k) under the ground standard conditions in m3/s,
respectively. Production is negative, and injection is positive. vi,j,k is the volume of the grid block
(i, j, k). Other similar quantities can be obtained but are not indicated here.

Equations (26)–(28) can form a system of nonlinear equations. To solve it and ensure stability
during the calculation process, the full implicit method was applied. For the solution of each specific
time step, the Newton-Raphson method, an iterative method, was applied. More details can be seen in
Chen’s research [50,51]. Finally, pressure distributions, water and oil phase saturation distributions,
polymer saturation distributions and production indicators were obtained.

3. Results and Discussion

3.1. Rheology of Polymer Solution and Heavy Oil

The rheological charts of the polymer solution with a concentration of 2000 mg/L and the original
heavy oil are presented in Figure 4. From the plot of the polymer solution, the shear stress and shear
rate show a good power law relationship, and the square of the correlation coefficient (R2) reaches
0.9881. Their relationship expression can be written as:

τp = 0.5733
.
γ

0.3655
p (29)

where τp and
.
γp are the shear stress and shear rate of the polymer solution in Pa and s−1, respectively.

The flow behavior index of the polymer solution is 0.3655, less than 1, showing a typical shear thinning.
From the plot of the original heavy oil, the relationship between the shear stress and shear rate is
linear, but the line with the R2 of up to 0.9998 does not pass through the origin of the coordinate axes.
Their relationship expression can be given as:

τo = 0.2027
.
γo + 0.6394 (30)

where τo and
.
γo are the shear stress and shear rate of the heavy oil in Pa and s−1, respectively.

It illustrates that the heavy oil has a typical Bingham fluid rheological feature [52,53].
The viscosities of the polymer solution with a concentration of 2000 mg/L and the original heavy

oil at different shear rates are indicated in Figure 5. From the plot of the polymer solution, an excellent
power law relationship between the viscosity and shear rate is obvious. The relationship expression
with the R2 of up to 0.996 can be expressed as follows:

µp = 573.32
.
γ
−0.634
p (31)
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where µp is the viscosity of the polymer solution in mPa·s. It also shows that the polymer solution
exhibits significant shear thinning rheological properties. The viscosity of the polymer solution
greatly decreases with an increase in shear rate. Its viscosity at 100 s−1 is 29.57 mPa·s, which is about
one-sixth that at 5.6 s−1. The main reason for the shear thinning of the polymer solution is that the
entanglements between the polymer molecules are destroyed at a higher shear rate, resulting in a
decrease in hydrodynamic radius and a reduction in the viscosity of the polymer solution [54,55].
The plot of the heavy oil shows that this oil has an infinite viscosity at low shear rates, but the viscosity
of the heavy oil remains at around 202.7 mPa·s as the shear rate increases. It conforms well to the
Bingham fluid characteristics [56]. This experiment also reveals that the selected heavy oil is a Bingham
fluid. The mechanism of the heavy oil exhibiting Bingham fluid properties becomes evident when its
network structure becomes much like a solid and only elastically deforms without flowing under low
stress conditions [57]. However, when the external force exceeds the yield stress, its network structure
will be destroyed and then it will flow.

Figure 6 shows the relationship between the viscosity of the polymer solution and polymer
concentration. Obviously, they have a good power law relationship. The relationship expression with
an R2 of up to 0.9943 is:

µp = 34.158c2.1673
p (32)

Different from the relationship between polymer solution viscosity and shear rate, the viscosity of
the polymer solution significantly increases with an increase in polymer concentration. The viscosity
of the polymer solution with a concentration of 2500 mg/L is 278 mPa·s, which is about 34 times
greater than that with a concentration of 500 mg/L. The main reason for this finding is that the
longer molecular chains and more entanglements are in the polymer solution with a higher polymer
concentration, resulting in a larger hydrodynamic radius, which increases the viscosity of the polymer
solution [58].
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3.2. Threshold Pressure Gradient of Heavy Oil

The measured TPG of heavy oil is given in Table 6. Table 6 clearly shows that the TPG increases
with an increase in the viscosity of heavy oil under the same permeability conditions, and with a
decrease in permeability under the same viscosity of heavy oil conditions. This is attributed to the fact
that the flow of heavy oil through the rock is mainly determined by the properties of heavy oil and
rock [59]. In the case of the same rock conditions, the heavy oil with a higher viscosity has a stronger
network structure, which means that more force is needed to deform it before flow occurs. For the same
heavy oil, a higher resistance will appear when it flows through the rock with a lower permeability,
and a greater force is required to overcome the higher resistance to make it flow. With consideration of
both the effects of the viscosity of the heavy oil and permeability of the core on the TPG of heavy oil,
the mobility is introduced to compute the TPG of heavy oil, which is:

M =
kr

µo
(33)

where M is the mobility in D/Pa·s, and kr is the permeability of rock in D. The relationship between
the TPG and mobility is provided in Figure 7. Obviously, they have an excellent power-law relation,
which is expressed when the R2 of 0.9688 is:

G = 1037.2M−0.363 (34)

It can be also seen from Figure 7 that the TPG decreases with an increase in mobility. The TPG of
the heavy oil when the mobility is 22.83 D/Pa·s was 342.32 Pa/m, which is approximately one-fourth
that when the mobility is 0.51 D/Pa·s.
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Table 6. The measured TPG of heavy oil.

Core Number Permeability, mD Oil Sample Viscosity, mPa·s TPG, Pa/m

#1 103 #1 202.7 1442.23
#2 104 #2 162.2 1198.81
#3 103 #3 118.7 1055.87
#4 105 #4 73.8 868.76
#5 458 #1 202.7 690.13
#6 456 #2 162.2 675.27
#7 455 #3 118.7 663.83
#8 457 #4 73.8 570.80
#9 863 #1 202.7 627.70

#10 864 #2 162.2 633.98
#11 862 #3 118.7 552.12
#12 862 #4 73.8 368.76
#13 1683 #1 202.7 470.51
#14 1685 #2 162.2 466.65
#15 1686 #3 118.7 370.64
#16 1685 #4 73.8 342.32

3.3. Numerical Simulation

3.3.1. Validation

The simulation results of Case 1 run by the ECLIPSE V2013.1 software were used to compare
Case 1 run by our designed simulator to validate the designed simulator without consideration of
TPG because it is a recognized commercial numerical reservoir simulator, and its simulation results
are authoritative [15]. The main parameters of Case 1, including the reservoir property, fluid property,
initial conditions, production data, grid system, well location, 3D distributions of initial oil saturation
and relative permeabilities are given in Table 7, and Figures 8 and 9, where these physical parameters,
initial conditions and well location are the same as those in the TPF experiment. Notably, the production
data of Case 1 is different from that of the TPF experiment, since only the polymer solution is injected
in Case 1, which is a pure polymer flooding (PPF). Figure 10 presents the comparison results of
production indicators including pressure differences, oil production, water production, cumulative
oil production, cumulative water production, flow diversion ratio, water cut and oil recovery of Case
1 simulated by the ECLIPSE V2013.1 software and designed simulator, where ECL represents the
ECLIPSE V2013.1 software and DS represents the designed simulator. Obviously, the simulation results
are very close, and the difference of each production indicator is less than 0.4%. Figure 11 indicates
the 3D remaining oil saturation distributions after a cumulative injection volume of 2.4 PV of the
ECLIPSE V2013.1 software and the designed simulator in running Case 1. The overall remaining
oil saturation distributions monitored by the ECLIPSE V2013.1 software and designed simulator are
also similar. Thus, the validation of the designed simulator without considering TPG is confirmed,
demonstrating high accuracy.
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Table 7. The reservoir property, fluid property, initial conditions and production data of Case 1.

Parameters Value

Initial porosity in HPL, MPL and LPL, fraction 0.262, 0.256, 0.25
Initial permeability in x direction in HPL, MPL and LPL, mD 1800, 900, 300
Initial permeability in y direction in HPL, MPL and LPL, mD 1800, 900, 300
Initial permeability in z direction in HPL, MPL and LPL, mD 180, 90, 30

Reservoir temperature, ◦C 25
Rock density in HPL, MPL and LPL, kg/m3 2570, 2590, 2610

Rock compressibility in HPL, MPL and LPL, MPa−1 2.82 × 10−3, 2.78 × 10−3, 2.72 × 10−3

Stock tank oil density, kg/m3 938.3
Initial oil viscosity, mPa·s 202.7

Oil compressibility, MPa−1 1.18 × 10−3

Oil formation volume factor 1.068
Initial water density, kg/m3 1000

Water viscosity, mPa·s 0.69
Water compressibility, MPa−1 4.26 × 10−4

Water formation volume factor 1.016
Polymer concentration, mg/L 2500

Inaccessible pore volume factor in HPL, MPL and LPL, fraction 0.05, 0.06, 0.08
Maximum polymer absorption in HPL, MPL and LPL, kg/kg 6.88 × 10−5, 7.67 × 10−5, 8.66 × 10−5

Residual resistance factor in HPL, MPL and LPL 2.80, 3.60, 5.20
Initial reservoir pressure, MPa 0

Initial water saturation in HPL, MPL and LPL, fraction 0.24, 0.26, 0.3
Initial oil saturation in HPL, MPL and LPL, fraction 0.76, 0.74, 0.70

Bottom hole pressure of production well, MPa 0
Injected polymer solution during polymer flooding, PV 2.4
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Different from the validation without considering TPG, the validation with considering TPG
cannot be conducted by comparing the simulation results of the designed simulator with those of the
ECLIPSE V2013.1 software because no widely accepted commercial numerical reservoir simulation
software including ECLIPSE V2013.1 software considers TPG [29,35]. To validate the designed
simulator with TPG consideration, the data of an actual typical polymer flooding (TPF) experiment
was used to compare with its simulation results run by the designed simulator, which was marked
as Case 2. The parameters including the physical parameters, initial conditions and well location of
Case 2 were the same as those in Case 1, and the different parameters of Case 2 when compared with
Case 1 are provided in Table 8. Figure 12 illustrates the comparison results of pressure difference,
oil production, water production, water cut, cumulative oil production, and cumulative water
production of Case 2 simulated by the designed simulator and the TPF experiment. The simulation
results of the designed simulator are in good agreement with the TPF experimental results, and the
difference of each production indicator is less than 1.8%. Thus, the validation performed with TPG is
positive and acceptable.
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Table 8. The different parameters of Case 2 when compared with Case 1.

Parameters Value

TPG in HPL, MPL and LPL, Pa/m 469.45, 603.75, 899.61
Injected water during water flooding, PV 1

Injected polymer solution during polymer flooding, PV 0.4
Injected water during subsequent water flooding after polymer flooding, PV 2.6
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3.3.2. Effect of Polymer Solution Shear Thinning

The flow behavior index characterizes the extent to which the fluid deviates from Newtonian
fluid [60] and can be used to describe the degree of polymer solution shear thinning. Therefore,
Cases 3–9 were conducted to analyze the effect of polymer solution shear thinning on the four main
production indicators including pressure difference, water cut, LPL flow diversion ratio and oil
recovery of both the PPF and TPF, where the parameters of Cases 3–5 were the same as Case 1 with the
exception of the polymer solution flow behavior indexes of 0, 0.24 and 0.18, respectively; the parameters
of Cases 6, 8 and 9 were the same as Case 2 except for the TPGs of 0 Pa/m and the polymer solution
flow behavior indexes of 1, 0.24 and 0.18, respectively; and the parameters of Case 7 were the same as
Case 2 except the TPG of 0 Pa/m.

Figure 13a–d shows the comparison results of pressure difference, water cut, LPL flow diversion
ratio and oil recovery of Cases 1 and Cases 3–5. Clearly, the decreases in pressure difference, LPL flow
diversion ratio and oil recovery, and an increase in water cut appear with reduction in the polymer
solution flow behavior index. Moreover, the production indicator reductions of Cases 1, 4 and
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5 vs. Case 3 can be seen in Table 9. In addition, Figure 14 displays the 3D remaining oil saturation
distributions after polymer flooding of Case 5. By comparing Figure 14a,b, more oil remains in Case 5.
These results are mainly due to the reduction in the viscosity of the polymer solution, caused by
its shear thinning, which led to the increase in the water–oil phase mobility ratio, resulting in the
unsatisfactory PPF efficiency and more oil remaining in the reservoir after the PPF. The polymer
solution shear thinning has a negative effect on the PPF.

The comparison results of pressure difference, water cut, LPL flow diversion ratio, and oil
recovery of Cases 6–9, the production indicator reductions of Cases 7–9 vs. Case 6, and 3D remaining
oil saturation distributions after initial water flooding, polymer flooding and extended water flooding
of Cases 6 and 9 are illustrated in Figure 13e–h, Table 9 and Figure 15, respectively. Obviously, the
production indicators after the initial water flooding of Cases 6–9 are the same, and the 3D remaining
oil saturation distributions after initial water flooding of Cases 6 and 9 are no different. These are
due to the absence of a polymer solution in the initial water flooding, and the polymer solution shear
thinning, which has no effect on the simulation results during the initial water flooding. In addition,
they also reflect the computational stability and reliability of our designed simulator. However, after
the polymer flooding as well as the extended water flooding, the decreases in pressure difference,
the LPL flow diversion ratio and oil recovery, and an increase in water cut occur with a decrease
in the polymer solution flow behavior index, and the remaining oil saturation of Case 9 is more
than that of Case 6. These occurrences can be also attributed to the reduction in the viscosity of the
polymer solution, which is followed by an increase in the water-oil phase mobility ratio, resulting in
the disappointing TPF efficiency and more oil remaining in the reservoir after the TPF. The polymer
solution shear thinning also had an adverse effect on the TPF.

In summary, the polymer solutions shear thinning has a disadvantageous impact on the polymer
flooding including the PPF and TPF in the heavy oil reservoirs, and the effect of polymer solution
shear thinning on the PPF is less than that on the TPF after comparing the simulation results of these
specific cases.

Table 9. Production indicator reductions of Cases 1, 4 and 5 vs. Case 3, and those of Cases 7–9 vs.
Case 6.

Production Indictors
Case Number

1 4 5 7 8 9

After initial
water

flooding

Pressure difference, MPa - - - 0.0000 0.0000 0.0000
Water cut, % - - - 0.0000 0.0000 0.0000

LPL flow diversion ratio, % - - - 0.0000 0.0000 0.0000
Oil recovery, % - - - 0.0000 0.0000 0.0000

After polymer
flooding

Pressure difference, MPa 0.2540 0.6155 0.7371 0.1355 0.2973 0.3529
Water cut, % −0.0480 −0.0508 −0.0728 −1.3499 −2.3286 −2.7385

LPL flow diversion ratio, % 0.0033 0.1814 0.4382 0.0316 0.1320 0.1946
Oil recovery, % 0.4566 1.2515 1.6614 0.7086 1.0095 1.2173

After
extended

water
flooding

Pressure difference, MPa - - - 0.0024 0.0029 0.0029
Water cut, % - - - −0.0753 −0.1943 −0.2024

LPL flow diversion ratio, % - - - 0.2932 0.4682 0.4969
Oil recovery, % - - - 0.8670 1.9394 2.4850
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and (c) extended water flooding of Case 6, and those results after (d) initial water flooding, (e) polymer
flooding and (f) extended water flooding of Case 9.

3.3.3. Effect of Heavy Oil Threshold Pressure Gradient

In order to investigate the effect of heavy oil TPG on the four main production indicators—pressure
difference, water cut, LPL flow diversion ratio and oil recovery of polymer flooding including both the
PPF and TPF, Cases 10–15 were carried out, where the parameters of Cases 10–12 were the same as Case
3 except that their heavy oil TPGs were 5, 10 and 20 times that of Case 3, respectively. The parameters
of Cases 13–15 were the same as Case 6 except that their heavy oil TPGs were 5, 10 and 20 times that of
Case 6, respectively.

Figure 16a–d demonstrates the comparison results of pressure difference, water cut, LPL flow
diversion ratio and oil recovery of Cases 3 and 10–12. Obviously, the pressure difference and water cut
increased, and the LPL flow diversion ratio and oil recovery decrease with an increase in heavy oil
TPG. Moreover, the production indicator reductions of Cases 10–12 vs. Case 3 are presented in Table 10,
and their absolute values are relatively small. In addition, Figure 17 indicates the 3D remaining oil
saturation distributions after polymer flooding of Case 12. By comparing Figures 14 and 17, although
the difference between the oil saturation distributions of Cases 12 and 3 are inconspicuous, the oil
saturation of Case 12 is still slightly greater than that of Case 3. The reason for these results is that the
TPG made heavy oil flow difficult in the reservoir, resulting in more remaining oil after the PPF and
unsatisfactory PPF efficiency. The heavy oil TPG has a negative effect on the PPF but not significantly.

The comparison results of pressure difference, water cut, LPL flow diversion ratio and oil recovery
of Cases 6 and 13–15; the production indicator reductions of Cases 13–15 vs. Case 6, and 3D remaining
oil saturation distributions after initial water flooding, polymer flooding and extended water flooding
of Cases 6 and 13–15 are demonstrated in Figure 16e–h, Table 10 and Figure 18, respectively. Evidently,
the pressure difference and water cut increase, and the LPL flow diversion ratio and oil recovery
decrease as the heavy oil TPG increases after the initial water flooding. Moreover, the absolute values
of the production indicator reductions of Cases 13–15 vs. Case 6 are relatively large. In addition, by
comparing Figure 18 and Figure 15d–f, the oil saturation of Case 15 is distinctly more than that of Case
6. The major reason for these results is that the heavy oil flow became difficult due to the existence of
TPG, which is followed by more oil remaining in the reservoir after the initial water flooding and the
disappointing initial water flooding performance. The heavy oil TPG has a serious adverse impact on
the initial water flooding. Different from the results after the initial water flooding, after the polymer
flooding, only the pressure difference increases as the heavy oil TPG grew; meanwhile the water cut,
LPL flow diversion ratio and oil recovery reduce with an increase in heavy oil TPG. Moreover, the LPL
flow diversion ratio and oil recovery reductions after the polymer flooding are less than those after the
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initial water flooding. In addition, the polymer flooding EOR under higher TPG conditions is greater
than that under lower TPG conditions, and the polymer EOR of Case 15 is approximately 9% more
than that of Case 6. A better polymer EOR is obtained under the higher heavy oil TPG conditions,
and the great significance of polymer flooding for heavy oil reservoirs with the TPG is manifested.
However, the oil saturation after both the water flooding and polymer flooding of Case 15 is still higher
than that of Case 6. The heavy oil TPG has a negative effect on the oil recovery after both the initial
water flooding and polymer flooding. However, after the extended water flooding, the increase in
pressure difference and water cut, and the decreases in the LPL flow diversion ratio and oil recovery
present as the heavy oil TPG increased, and the remaining oil saturation of Case 15 is more than that
of Case 6, which are like those after the initial water flooding. The reason for these results is also the
difficulty in heavy oil flow caused by the TPG, leading to more remaining oil in the reservoir and the
unsatisfied TPF performance. The heavy oil TPG also has an adverse effect on the TPF.

In summary, the heavy oil TPG has a detrimental impact on the polymer flooding including the
PPF and TPF in the heavy oil reservoirs, and the effect of heavy oil TPG on the PPF is much less than
that on the TPF based on comparisons of the simulation results of these specific cases. Additionally,
the effect of heavy oil TPG on the PPF is also less than that of polymer solution shear thinning on the
PPF, but the effect of heavy oil TPG on the TPF is more than that of polymer solution shear thinning on
the TPF as noted in the comparison of simulation results in this paper.
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Figure 16. Comparison results of (a) pressure difference, (b) water cut, (c) LPL flow diversion ratio and
(d) oil recovery of Cases 3 and 10–12, and those of (e) pressure difference, (f) water cut, (g) LPL flow
diversion ratio, and (h) oil recovery of Cases 6 and 13–15.
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Table 10. Production indicator reductions of Cases 10–12 vs. Case 3, and those of Cases 13–15 vs.
Case 6.

Production Indictors
Case Number

10 11 12 13 14 15

After initial
water

flooding

Pressure difference, MPa - - - −0.0013 −0.0048 −0.0167
Water cut, % - - - −1.9711 −3.2508 −3.8929

LPL flow diversion ratio, % - - - 0.4186 0.6880 0.8840
Oil recovery, % - - - 3.5002 6.4676 10.0672

After polymer
flooding

Pressure difference, MPa −0.0001 −0.0002 −0.0003 −0.0041 −0.0083 −0.0167
Water cut, % −0.0026 −0.0042 −0.0066 1.5416 3.3325 4.0417

LPL flow diversion ratio, % 0.0004 0.0031 0.0119 0.4061 0.4852 0.4864
Oil recovery, % 0.0437 0.0196 0.0141 0.2837 0.5885 0.9841

After
extended

water
flooding

Pressure difference, MPa - - - −0.0001 −0.0005 −0.0015
Water cut, % - - - −0.2863 −0.5018 −0.5916

LPL flow diversion ratio, % - - - 0.4132 0.6257 0.7701
Oil recovery, % - - - 1.7753 3.4951 5.7741
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3.3.4. Combined Effect of Shear Thinning and Threshold Pressure Gradient

Cases 16 and 17 were conducted to analyze the combined effect of TPG and shear thinning on the
four main production indicators including pressure difference, water cut, LPL flow diversion ratio and
oil recovery of polymer flooding including both the PPF and TPF, where the parameters of Cases 16
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were the same as Case 3 except for the polymer solution flow behavior indexes of 0.18 and the fact
that its heavy oil TPG was 20 times that of Case 3, and the parameters of Cases 17 were the same as
Case 6 with the exception of the polymer solution flow behavior indexes of 0.18 with a heavy oil TPG
20 times greater than that of Case 3.

Figure 19a–d compares pressure difference, water cut, LPL flow diversion ratio and oil recovery
of Cases 3 and 16. By comparing the production indictors of Case 16 with those of Case 3, decreases in
pressure difference, LPL flow diversion ratio and oil recovery, and an increase in water cut occur.
Moreover, the production indicator reductions of Case 16 are shown in Table 11. In addition, the 3D
remaining oil saturation distributions after polymer flooding of Case 16 is displayed in Figure 20.
By comparing Figure 20 and Figure 14a, more remaining oil is in Case 16. The comparison results
of Case 16 vs. Case 3 are like those of Cases 1, 4 and 5 vs. Case 3. This is attributed to the fact that
the effect of polymer solution shear thinning is greater than that of heavy oil TPG on the PPF in this
specific study. According to the comparison results, the combined effects of both polymer solution
shear thinning and heavy oil TPG on PPF are negative.

The comparison results of pressure difference, water cut, LPL flow diversion ratio and oil recovery
of Cases 6 and 17, the production indicator reductions of Case 17 vs. Case 6, and 3D remaining oil
saturation distributions after initial water flooding, and polymer flooding and extended water flooding
of Cases 6 and 17 are presented in Figure 19e–h, Table 11 and Figure 21, respectively. Obviously,
the simulation results of Case 17 are the same as those of Case 15 during the initial water flooding
since no polymer solution is involved in the initial water flooding and only the effect of heavy oil TPG,
such as the comparison results after the initial water flooding of Case 6 and 17 are no longer specified
here. After the polymer flooding, all four production indictors increase; the remaining oil saturation of
Case 17 is higher than that of Case 6. The combined effects of both polymer solution shear thinning
and heavy oil TPG on the oil recovery after both the initial water flooding and polymer flooding is
also negative. After the extended water flooding, the increase in pressure difference and water cut
and the decrease in the LPL flow diversion ratio and oil recovery took place, and the remaining oil
saturation of Case 17 is higher than that of Case 6. These comparison results are like those of Cases
13–15 vs. Case 6 because the effect of the heavy oil TPG is dominant. The combined effects of both
polymer solution shear thinning and heavy oil TPG on PPF are also negative.

In summary, the combined effects of both polymer solution shear thinning and heavy oil are
adverse on the polymer flooding, including the PPF and TPF in the heavy oil reservoirs, and the
combined effect is greater than the single effect by comparing the simulation results of these
specific cases.

Table 11. Production indicator reductions of Case 16 vs. Case 3, and those of Case 17 vs. Case 6.

Production Indicators
Case Number

16 17

After first water flooding

Pressure difference, MPa - 0.0167
Water cut, % - −3.8929

LPL flow diversion ratio, % - 0.8840
Oil recovery, % - 10.0672

After polymer flooding

Pressure difference, MPa 0.7366 0.3443
Water cut, % −0.0104 2.1395

LPL flow diversion ratio, % 0.5591 0.4370
Oil recovery, % 1.7407 2.0819

After second water flooding

Pressure difference, MPa - 0.0013
Water cut, % - −0.5918

LPL flow diversion ratio, % - 0.7901
Oil recovery, % - 8.3466
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4. Conclusions

In this study, physical experiments and numerical simulations were combined with the aim of
investigating the effect of non-Newtonian flow on polymer flooding in heavy oil reservoirs and giving
theoretical and technical guidance. The physical experiment results showed that the flow of both the
polymer solution with a concentration of 2000 mg/L and original heavy oil exhibit the non-Newtonian
flow characteristics. The shear stress and shear rate of the polymer solution with a concentration of
2000 mg/L indicates a good power law relationship with the R2 of 0.9881; its flow behavior index is
0.3655, and its viscosity decreases as shear rate increases, showing a typical shear thinning performance.
The shear stress and shear rate of the original heavy oil is linear with the R2 of up to 0.9998, however,
the fitting line does not pass through the origin of the coordinate axes; the viscosity of the original
heavy oil is infinite at the low shear rate and remains at an approximate but steady 202.7 mPa·s as
the shear rate increases, presenting Bingham fluid characteristics. The heavy oil needs to overcome
the TPG to flow, and its TPG increases with a reduction in rock permeability and an increase in
heavy oil viscosity. Moreover, the heavy oil TPG and the mobility have an excellent power-law
relation as expressed by the R2 of 0.9688, and the heavy oil TPG increases with a decrease in mobility.
Furthermore, the new 3D two-phase polymer flooding simulator considering the non-Newtonian flow
was designed and validated with high accuracy and reliability by comparing its simulation results
with those performed by the commercial software, as well as with the results obtained from the TPF
experiments. Additionally, the effect of non-Newtonian flow on the production indicators was studied
using the deigned simulator. According to the simulation results, the oil recoveries of the PPF and
TPF, with the polymer solution flow behavior indexes of 0.18, are 1.66% and 2.49% lower than those
of the PPF and TPF, with the polymer solution flow behavior index of 1, respectively, demonstrating
that the polymer solution shear thinning has a disadvantageous effect on the polymer flooding in
the heavy oil reservoirs, and its effect on the PPF was less than that on the TPF. For the heavy oil,
considering a TPG of 20 times greater than its original value, the oil recoveries of PPF and TPF are
reduced by 0.01% and 5.77%, respectively, illustrating that the heavy oil TPG has a negative effect on
the polymer flooding in the heavy oil reservoirs, and its effect on the PPF is slight, less than that on the
TPF. However, a better polymer EOR after the polymer flooding of TPF with the greater heavy oil TPG
is obtained, strongly proving the importance of polymer flooding for heavy oil reservoirs. In addition,
the effect of heavy oil TPG on the PPF is also less than that of polymer solution shear thinning on the
PPF, while the effect of heavy oil TPG on the TPF is more than that of polymer solution shear thinning
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on the TPF. The oil recoveries of the PPF and TPF, with the polymer solution flow behavior indexes of
0.18 and the heavy oil TPGs 20 times the original heavy oil TPG, are 1.74% and 8.35% lower than those
of the PPF and TPF, without shear thinning and heavy oil TPF, respectively. To minimize the effects
of non-Newtonian flow, including polymer solution shear thinning and heavy oil TPG, on polymer
flooding in heavy oil reservoirs, some methods including applying shear resistant polymer and heavy
oil TPG reduction methods have been proposed [61,62]. In the future, we will conduct experiments to
extend and improve our understanding of this technology to the nanoconfined flow in unconventional
reservoirs [63,64] based on the findings presented in this paper.

Author Contributions: Formal analysis, K.W. and Z.Z.; Investigation, X.X., X.D. and Z.Z.; Methodology, X.X.,
X.D. and Z.Z.; Resources, G.Y. and Z.C.; Software, G.Y. and Z.C.; Validation, X.X. and Z.Z.; Writing—original
draft, X.X.

Funding: This work was supported by the National Science and Technology Major Project of China
(No.2016ZX05025-001-005).

Conflicts of Interest: The authors declare no conflict of interest.

References

1. Wang, K.; Yan, W.; Deng, J.; Tian, H.; Li, W.; Wang, Y.; Wang, L.; Ye, S. Experimental Study on H2S and CO2

Generation Capacities of the Bohai Bay Heavy Oil. J. Pet. Sci. Eng. 2018, 167, 241–248. [CrossRef]
2. Li, C.; Chen, Y.; Hou, J.; Zhou, C. A Mechanism Study on the Viscosity Evolution of Heavy Oil Upon Peroxide

Oxidation and Pyrolysis. Fuel 2018, 214, 123–126. [CrossRef]
3. Chen, J.; Lang, X.; Wang, Y.; Li, G.; Yang, Z.; Fan, S. Comparative Evaluation of Different Non-Condensable

Gases on Thermal Behaviors, Kinetics, High Pressure Properties, and Product Characteristics of Heavy Oil.
Energy Convers. Manag. 2018, 162, 13–25. [CrossRef]

4. Guo, K.; Li, H.; Yu, Z. In-Situ Heavy and Extra-Heavy Oil Recovery: A Review. Fuel 2016, 185, 886–902.
[CrossRef]

5. Xia, W.; Shen, W.; Yu, L.; Zheng, C.; Yu, W.; Tang, Y. Conversion of Petroleum to Methane by the Indigenous
Methanogenic Consortia for Oil Recovery in Heavy Oil Reservoir. Appl. Energy 2016, 171, 646–655. [CrossRef]

6. Cao, J.; Song, T.; Zhu, Y.; Wang, S.; Wang, X.; Lv, F.; Jiang, L.; Sun, M. Application of Amino-functionalized
Nano-silica in Improving the Thermal Stability of Acrylamide Based Polymer for Enhanced Oil Recovery.
Energy Fuels 2018, 32, 246–254. [CrossRef]

7. Botechia, V.E.; Correia, M.G.; Schiozer, D.J. A Model-Based Decision Analysis Comparing Water and Polymer
Flooding in the Development of a Heavy Oil Field. J. Pet. Sci. Eng. 2017, 157, 917–929. [CrossRef]

8. Gbadamosi, A.O.; Junin, R.; Manan, M.A.; Yekeen, N.; Agi, A.; Oseh, J.O. Recent Advances and Prospects in
Polymeric Nanofluids Application for Enhanced Oil Recovery. J. Ind. Eng. Chem. 2018. [CrossRef]

9. Xin, X.; Yu, G.; Ma, R.; Wu, K.; Chen, Z. Effect of Polymer Degradation on Polymer Flooding in Homogeneous
Reservoirs. In Proceedings of the 2018 4th International Conference on Chemical Materials and Process,
Bangkok, Thailand, 23–25 May 2018. [CrossRef]

10. Salmo, I.C.; Pettersen, Ø.; Skauge, A. Polymer Flooding at an Adverse Mobility Ratio: Acceleration of Oil
Production by Crossflow into Water Channels. Energy Fuels 2017, 31, 5948–5958. [CrossRef]

11. Riahinezhad, M.; Romero-Zerón, L.; McManus, N.; Penlidis, A. Evaluating the Performance of Tailor-Made
Water-Soluble Copolymers for Enhanced Oil Recovery Polymer Flooding Applications. Fuel 2017, 203,
269–278. [CrossRef]

12. Al-Shakry, B.; Skauge, T.; Shaker Shiran, B.; Skauge, A. Impact of Mechanical Degradation on Polymer
Injectivity in Porous Media. Polymers 2018, 10, 742. [CrossRef]

13. Ilyin, S.; Arinina, M.; Polyakova, M.; Bondarenko, G.; Konstantinov, I.; Kulichikhin, V.; Malkin, A.
Asphaltenes in Heavy Crude Oil: Designation, Precipitation, Solutions, and Effects on Viscosity. J. Pet.
Sci. Eng. 2016, 147, 211–217. [CrossRef]

14. Shi, L.; Zhu, S.; Zhang, J.; Wang, S.; Xue, X.; Zhou, W.; Ye, Z. Research into Polymer Injection Timing for
Bohai Heavy Oil Reservoirs. Pet. Sci. 2015, 12, 129–134. [CrossRef]

http://dx.doi.org/10.1016/j.petrol.2018.03.100
http://dx.doi.org/10.1016/j.fuel.2017.10.125
http://dx.doi.org/10.1016/j.enconman.2018.02.029
http://dx.doi.org/10.1016/j.fuel.2016.08.047
http://dx.doi.org/10.1016/j.apenergy.2016.03.059
http://dx.doi.org/10.1021/acs.energyfuels.7b03053
http://dx.doi.org/10.1016/j.petrol.2017.08.014
http://dx.doi.org/10.1016/j.jiec.2018.05.020
http://dx.doi.org/10.1051/matecconf/201818701006
http://dx.doi.org/10.1021/acs.energyfuels.7b00515
http://dx.doi.org/10.1016/j.fuel.2017.04.122
http://dx.doi.org/10.3390/polym10070742
http://dx.doi.org/10.1016/j.petrol.2016.06.020
http://dx.doi.org/10.1007/s12182-014-0012-7


Polymers 2018, 10, 1225 27 of 29

15. Xin, X.; Yu, G.; Chen, Z.; Wu, K.; Dong, X.; Zhu, Z. Effect of Polymer Degradation on Polymer Flooding in
Heterogeneous Reservoirs. Polymers 2018, 10, 857. [CrossRef]

16. Taborda, E.A.; Alvarado, V.; Franco, C.A.; Cortés, F.B. Rheological Demonstration of Alteration in the Heavy
Crude Oil Fluid Structure Upon Addition of Nanoparticles. Fuel 2017, 189, 322–333. [CrossRef]

17. Zamani, N.; Bondino, I.; Kaufmann, R.; Skauge, A. Computation of Polymer In-Situ Rheology Using Direct
Numerical Simulation. J. Pet. Sci. Eng. 2017, 159, 92–102. [CrossRef]

18. Sharafi, M.S.; Jamialahmadi, M.; Hoseinpour, S.A. Modeling of Viscoelastic Polymer Flooding in Core-Scale
for Prediction of Oil Recovery Using Numerical Approach. J. Mol. Liq. 2018, 250, 295–306. [CrossRef]

19. Wang, J.; Liu, H. A Novel Model and Sensitivity Analysis for Viscoelastic Polymer Flooding in Offshore
Oilfield. J. Ind. Eng. Chem. 2014, 20, 656–667. [CrossRef]

20. Guo, Z.; Dong, M.; Chen, Z.; Yao, J. Dominant Scaling Groups of Polymer Flooding for Enhanced Heavy Oil
Recovery. Ind. Eng. Chem. Res. 2012, 52, 911–921. [CrossRef]

21. Xuan, J. Reserch on Rheological Properties of Polymer Solution in Porous Media. Master’s Thesis,
Southwest Petroleum University, Chengdu, China, May 2017.

22. Liu, H.; Wang, J.; Xie, Y.; Ma, D.; Shi, X. Flow Characteristics of Heavy Oil through Porous Media.
Energy Sources Part A Recovery Util. Environ. Eff. 2012, 34, 347–359. [CrossRef]

23. Luo, Y.; Cheng, L.; Ding, Z. A Transient Flow Model of Non-Newtonian Heavy Oil under Different
Bottom-hole Producing Pressure Conditions. Pet. Sci. Technol. 2014, 32, 505–512. [CrossRef]

24. Dong, X.; Liu, H.; Wang, Q.; Pang, Z.; Wang, C. Non-Newtonian Flow Characterization of Heavy Crude Oil
in Porous Media. J. Pet. Explor. Prod. Technol. 2013, 3, 43–53. [CrossRef]

25. Chen, M.; Rossen, W.; Yortsos, Y.C. The Flow and Displacement in Porous Media of Fluids with Yield Stress.
Chem. Eng. Sci. 2005, 60, 4183–4202. [CrossRef]

26. Zeng, B.; Cheng, L.; Hao, F. Experiment and Mechanism Analysis on Threshold Pressure Gradient with
Different Fluids. In Proceedings of the 34th Annual SPE International Conference and Exhibition, Calabar,
Nigeria, 31 July–7 August 2010.

27. Ning, L. Experimental Method and Its Applications of Threshold Pressure Gradient of Heavy Oil in Porous
Media. J. Pet. Univ. 2011, 24, 59–62.

28. Lu, C.; Wang, J.; Sun, Z. An Experiment Study on Starting Pressure Gradient of Fluids Flow in Low
Permeability Sandstone Porous Media. Pet. Explor. Dev. 2002, 29, 86–87.

29. Xin, X.; Li, Y.; Yu, G.; Wang, W.; Zhang, Z.; Zhang, M.; Ke, W.; Kong, D.; Wu, K.; Chen, Z. Non-Newtonian
Flow Characteristics of Heavy Oil in the Bohai Bay Oilfield: Experimental and Simulation Studies. Energies
2017, 10, 1698. [CrossRef]

30. Wang, W.; Yu, G.; Ke, W.; Wang, Y.; Ge, Y. Experimental Study of Nonlinear Seepage for Heavy Oil.
Pet. Geol. Exp. 2013, 35, 464–467.

31. Ke, W.; Yu, G.; Zhou, W.; Wang, S.; Liao, Z. Experimental Study on Start-Up Pressure Gradient for Nonlinear
Flow of Heavy Oil. Oil Drill. Prod. Technol. 2016, 38, 341–345.

32. Saboorian-Jooybari, H.; Dejam, M.; Chen, Z. Heavy oil polymer flooding from laboratory core floods to pilot
tests and field applications: Half-century studies. J. Pet. Sci. Eng. 2016, 142, 85–100. [CrossRef]

33. Bengar, A.; Moradi, S.; Ganjeh-Ghazvini, M.; Shokrollahi, A. Optimized Polymer Flooding Projects via
Combination of Experimental Design and Reservoir Simulation. Petroleum 2017, 3, 461–469. [CrossRef]

34. Praveen, C.; Gowda, G.V. A Finite Volume Method for A Two-Phase Multicomponent Polymer Flooding.
J. Comput. Phys. 2014, 275, 667–695.

35. Jackson, G.T.; Balhoff, M.T.; Huh, C.; Delshad, M. CFD-Based Representation of Non-Newtonian Polymer
Injectivity for A Horizontal Well with Coupled Formation-Wellbore Hydraulics. J. Petrol. Sci. Eng. 2011, 78,
86–95. [CrossRef]

36. ECLIPSE Simulation Software Reference Manual, version 2013.1; Eclipse: Ottawa, ON, Canada, 2013.
37. CMG STARS User’s Guide, version 2012; CMG: Newport Beach, CA, USA, 2012.
38. Zhang, X. A Research and Application on Nonliner Seepage Numeical Simulation of Waterflooding Heavy

Oil Reservoir. Master’s Thesis, Yangtze University, Wuhan, China, May 2015.
39. Todd, M.R.; Longstaff, W.J. The Development, Testing, and Application of a Numerical Simulator for

Predicting Miscible Flood Performance. J. Pet. Technol. 1972, 24, 874–882. [CrossRef]

http://dx.doi.org/10.3390/polym10080857
http://dx.doi.org/10.1016/j.fuel.2016.10.110
http://dx.doi.org/10.1016/j.petrol.2017.09.011
http://dx.doi.org/10.1016/j.molliq.2017.12.002
http://dx.doi.org/10.1016/j.jiec.2013.05.030
http://dx.doi.org/10.1021/ie300328y
http://dx.doi.org/10.1080/15567036.2011.609868
http://dx.doi.org/10.1080/10916466.2011.588637
http://dx.doi.org/10.1007/s13202-012-0043-9
http://dx.doi.org/10.1016/j.ces.2005.02.054
http://dx.doi.org/10.3390/en10111698
http://dx.doi.org/10.1016/j.petrol.2016.01.023
http://dx.doi.org/10.1016/j.petlm.2017.05.006
http://dx.doi.org/10.1016/j.petrol.2011.05.007
http://dx.doi.org/10.2118/3484-PA


Polymers 2018, 10, 1225 28 of 29

40. Goudarzi, A.; Delshad, M.; Sepehrnoori, K. A Chemical EOR Benchmark Study of Different Reservoir
Simulators. Comput. Geosci. 2016, 94, 96–109. [CrossRef]

41. Flory, P.J. Principles of Polymer Chemistry; Cornell University Press: New York, NY, USA, 1953;
ISBN 0-8014-0134-8.

42. Meter, D.M.; Bird, R.B. Tube Flow of Non-Newtonian Polymer Solutions: Part I. Laminar Flow and
Rheological Models. AICHE J. 1964, 10, 878–881. [CrossRef]

43. Zhao, G.; Fang, J.; Gao, B.; Wang, Y.; Chen, A.; Wen, D.; Dai, C. Study and Application of the Adsorption of
Anionic and Cationic Polymer. Oilfield Chem. 2015, 32, 62–66.

44. Adamson, A.W.; Gast, A.P. Physical Chemistry of Surfaces, 6th ed.; John Wiley &Sons: New York, NY, USA,
1997; pp. 603–615, ISBN 978-0-471-14873-9.

45. Chaudhuri, A.; Vishnudas, R. A Systematic Numerical Modeling Study of Various Polymer Injection
Conditions on Immiscible and Miscible Viscous Fingering and Oil Recovery in A Five-Spot Setup. Fuel 2018,
232, 431–443. [CrossRef]

46. Bao, K.; Lie, K.A.; Møyner, O.; Liu, M. Fully Implicit Simulation of Polymer Flooding With MRST.
Comput. Geosci. 2017, 21, 1219–1244. [CrossRef]

47. Hatzignatiou, D.G.; Moradi, H.; Stavland, A. Polymer Flow Through Water- and Oil-Wet Porous Media.
J. Hydrodyn. Ser. B 2015, 27, 748–762. [CrossRef]

48. Wang, Z.; Zhang, D.; Yang, J.; Kou, G.; Yang, F. Experimental Study on Percolation Characteristics of Ordinary
Heavy Oil Reservoirs: A Case Study from the Qigu Formation Reservoir in Nine -4 Block of Xinjiang Oilfield.
Oil Gas Geol. 2012, 33, 302–306.

49. Deb, P.K.; Akter, F.; Imtiaz, S.A.; Hossain, M.E. Nonlinearity and Solution Techniques in Reservoir Simulation:
A Review. J. Nat. Gas Sci. Eng. 2017, 46, 845–864. [CrossRef]

50. Chen, Z.; Huan, G.; Ma, Y. Computational Methods for Multiphase Flows in Porous Media; SIAM: Philadelphia,
PA, USA, 2006; pp. 128–198, ISBN 978-0-89871-606-1.

51. Chen, Z. Reservoir Simulation: Mathematical Techniques in Oil Recovery; SIAM: Philadelphia, PA, USA, 2007;
pp. 88–99, ISBN 978-0-898716-40-5.

52. Macosko, C.W. Rheology: Principles, Measurements, and Applications; Wiley-VCH: Weinheim, Germany, 1994;
pp. 92–93, ISBN 1560815795.

53. Boveta, E.; Chiaiaa, B.; Preziosib, L. A New Model for Snow Avalanche Dynamics Based on Bingham Fluids.
Meccanica 2010, 45, 753–765. [CrossRef]

54. Lu, G.; Shao, N.; Cao, M.; Wang, B. Effect of Polymer Chain Structure on Rheological Behavior of Polyamide
Imide Solution. Eng. Plast. Appl. 2016, 44, 90–92.

55. Wei, B. Flow Characteristics of Three Enhanced Oil Recovery Polymers in Porous Media. J. Appl. Polym. Sci.
2015, 132. [CrossRef]

56. Bird, R.B.; Stewart, W.E.; Lightfoot, E.N. Transport Phenomena, 2nd ed.; John Wiley & Sons Inc.: New York,
NY, USA, 2002; pp. 259–260, ISBN 0-471-41077-2.

57. Lipscomb, G.G.; Denn, M.M. Flow of Bingham Fluids in Complex Geometries. J. Non-Newton. Fluid Mech.
1984, 14, 337–346. [CrossRef]

58. Fang, D.; Guo, R.; Ha, R. Acrylamide Polymer; Chemical Industry Press: Beijing, China, 2006; pp. 2–20,
ISBN 7-5025-8436-6.

59. Pang, Z.; Liu, H. The Transient Method and Experimental Study on Threshold Pressure Gradient of Heavy
Oil in Porous Media. Open Pet. Eng. J. 2012, 5, 7–13. [CrossRef]

60. Chen, C.H. Effect of Viscous Dissipation on Heat Transfer in a Non-Newtonian Liquid Film Over an Unsteady
Stretching Sheet.J. Non-Newton. Fluid Mech. 2006, 135, 128–135.

61. Guo, Y.; Liang, Y.; Cao, M.; Feng, R.; Zhang, X.; Li, H.; Hu, J. Flow Behavior and
Viscous-Oil-Microdisplacement Characteristics of Hydrophobically Modified Partially Hydrolyzed
Polyacrylamide in a Repeatable Quantitative Visualization Micromodel. SPE J. 2017, 22, 1448–1466.
[CrossRef]

62. Taheri-Shakib, J.; Shekarifard, A.; Naderi, H. Experimental Investigation of Comparing Electromagnetic and
Conventional Heating Effects on the Unconventional Oil (Heavy Oil) Properties: Based on Heating Time
and Upgrading. Fuel 2018, 228, 243–253. [CrossRef]

http://dx.doi.org/10.1016/j.cageo.2016.06.013
http://dx.doi.org/10.1002/aic.690100619
http://dx.doi.org/10.1016/j.fuel.2018.05.115
http://dx.doi.org/10.1007/s10596-017-9624-5
http://dx.doi.org/10.1016/S1001-6058(15)60537-6
http://dx.doi.org/10.1016/j.jngse.2017.07.031
http://dx.doi.org/10.1007/s11012-009-9278-z
http://dx.doi.org/10.1002/app.41598
http://dx.doi.org/10.1016/0377-0257(84)80052-X
http://dx.doi.org/10.2174/1874834101205010007
http://dx.doi.org/10.2118/185185-PA
http://dx.doi.org/10.1016/j.fuel.2018.04.141


Polymers 2018, 10, 1225 29 of 29

63. Wu, K.; Chen, Z.; Li, J.; Li, X.; Xu, J.; Dong, X. Wettability effect on nanoconfined water flow. Proc. Natl. Acad.
Sci. USA 2017, 114, 3358–3363. [CrossRef] [PubMed]

64. Wu, K.; Chen, Z.; Li, J.; Xu, J.; Wang, K.; Wang, S.; Dong, X.; Zhu, Z.; Peng, Y.; Jia, X.; Li, X. Manipulating
the Flow of Nanoconfined Water by Temperature Stimulation. Angew. Chem. Int. Ed. 2018, 57, 8432–8437.
[CrossRef] [PubMed]

© 2018 by the authors. Licensee MDPI, Basel, Switzerland. This article is an open access
article distributed under the terms and conditions of the Creative Commons Attribution
(CC BY) license (http://creativecommons.org/licenses/by/4.0/).

http://dx.doi.org/10.1073/pnas.1612608114
http://www.ncbi.nlm.nih.gov/pubmed/28289228
http://dx.doi.org/10.1002/anie.201712915
http://www.ncbi.nlm.nih.gov/pubmed/29726080
http://creativecommons.org/
http://creativecommons.org/licenses/by/4.0/.

	Introduction 
	Methodology 
	Physical Experiments 
	Materials 
	Polymer Solution Preparation 
	Rheological Testing 
	Threshold Pressure Gradient Measurement 
	Typical Polymer Flooding Experiments 

	Mathematical Model 
	Assumptions 
	Mechanisms 
	Equations 
	Solution Method 


	Results and Discussion 
	Rheology of Polymer Solution and Heavy Oil 
	Threshold Pressure Gradient of Heavy Oil 
	Numerical Simulation 
	Validation 
	Effect of Polymer Solution Shear Thinning 
	Effect of Heavy Oil Threshold Pressure Gradient 
	Combined Effect of Shear Thinning and Threshold Pressure Gradient 


	Conclusions 
	References

