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ABSTRACT: The wellbore fluid flow characteristics and hydrate flow
assurance problems during the deep-water gas well cleanup process
seriously affect the safety of gas well testing. Aiming at the process of
deep-water gas well cleanup where the liquid gas ratio changes
dramatically, this study reveals the distribution law of gas−liquid flow
patterns in the wellbore. Combined with the clean test conditions of
deep-water gas wells, the transient numerical simulation and analysis are
carried out. At the same time, a hydrate risk prediction model suitable for
the well cleanup process is established to predict the hydrate risk under
different cleaning conditions. The research results are as follows: (1)
after flowback, the temperature at the wellhead and mud line presents
different characteristics of temperature change, the wellhead temperature
decreases first and then increases, while the flow temperature at the mud
line rises first and then decreases; (2) slug flow and annular flow are more likely to occur in the wellbore under low wellhead
pressure. Bubble flow often appears in the initial stage of flowback under high wellhead pressure and gradually changes into slug and
annular flow patterns in the middle and late stages; (3) at the same flowback time, the wellbore will also present different flow
patterns along the way. The lower part of the well bore mainly presents bubble flow and slug flow, and the upper and middle parts of
the well bore mainly present annular flow patterns; (4) high liquid−gas ratio conditions, proper well cleaning speed, and the use of
hydrate inhibitors can effectively reduce the hydrate risk during the cleaning process of deep-water gas wells.

1. INTRODUCTION
The completion test of deep-water gas wells is an important
link to obtain formation reservoir parameters and evaluate the
development potential of gas reservoirs. It is also a “temporary
step” for deep-water gas wells to be put into production.1−3 As
the deep-water testing conditions are severe and the fluid
temperature and pressure are variable, the test string usually
has conditions for hydrate formation. The pipe string shrinkage
caused by hydrate formation and deposition will pose an
obstacle to the test flow, that is, the hydrate flow obstacle.4−6

At present, the formation of hydrate flow barrier has become
one of the most serious flow assurance problems in the process
of deep-water gas well testing, which has an irreversible impact
on testing. Deep-water gas well cleanup is the process of liquid
flowback in the wellbore and near the well before production
test. The flowback fluid is usually a mixture of multiple fluids,
including reservoir produced fluid, test fluid, induced fluid pad,
and annular drilling fluid. The blowout cleaning process is
multiphase unsteady flow of flowback liquid and produced gas
in the wellbore. The liquid gas ratio is significantly higher than
other test conditions, and the gas−liquid flow pattern is more
variable. Clarifying the flow characteristics of gas−liquid fluid
in the wellbore during well cleanup stage is very important for

studying the safety guarantee of deep-water wellbore flow and
ensuring the gas well testing safety.7−10

At present, the hydrate phase equilibrium conditions are
mainly determined by empirical graphic method, phase
equilibrium constant method and statistical thermodynamics
method. Among them, statistical thermodynamic method is the
most accurate and commonly used calculation method. Since
the 1950s, experts and scholars around the world have carried
out a lot of scientific research on the thermodynamic
equilibrium theory of hydrate. In 1959, based on the hydrate
unit cell model and Langmuir gas isotherm adsorption theory,
Van der Waals and Platteeuw (1959) derived the hydrate
phase equilibrium model using classical statistical thermody-
namic methods,11 which became the basis of most subsequent
hydrate statistical thermodynamic models. Since the VdW-P
model is mostly applicable to single-phase gas, Parrish and
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Prausnitz (1972) calculated Langmuir parameters as temper-
ature functions through empirical expressions,12 and proposed
a calculation model for hydrate phase equilibrium conditions
applicable to multi-component mixed gas. This model is more
practical and widely used. In 1976, Ng and Robinson (1976)
considered the interaction between guest molecules,13

modified the Langmuir constant in VdW-P model, and
established a modified hydrate phase equilibrium calculation
model, which has a high prediction accuracy for hydrate
formation conditions in the gas liquid hydrate region. In 1985,
Holder and John (1985) used the three-layer sphere model to
describe the interaction between guest molecules and water
molecules,14 taking into account the influence of spherical
asymmetry effect of actual gas molecules, the deviation
between Langmuir constant and ideal value, and so forth,
and proposed an improved equation of state for hydrate phase
equilibrium. Different from the VdW-P model, in 1996, Chen
and Guo et al. (1966, 1998) based on the kinetic mechanism of
hydrate formation and considering the non-stoichiometry of
hydrate formation,15,16 deduced the fugacity formula of guest
molecules using statistical thermodynamics, and established a
new prediction model for hydrate phase equilibrium
conditions, which has improved the prediction accuracy
compared with the VdW-P model.17,18 In 2000, Javanmardi
and Moshfeghian (2000) proposed a hydrate phase equili-
brium prediction method without flash calculation based on
the Parrish Prausnitz model.19 This model has a wide range of
applications and can accurately predict the formation
conditions of gas hydrate in one or more electrolyte solutions.

In view of the deep-water gas well testing process, some
researchers have conducted prediction research on the hydrate
flow obstacles in the test wellbore. In 2001, Reyna and Stewart
(1959) described a deep-water test process.20 During the test
of deep-water gas wells, it was suddenly found that hydrate was
formed in the tubing string in the riser above the mud line, and
the test process was stopped. The production diagnostic test
found that the initial blockage was caused by wax deposition
and hydrate formation. Finally, it was solved by injecting
ethylene glycol and seawater through coiled tubing. In 2011,
Arrieta et al. (2011)21 took an ultra-deep-water gas well in
Mexico as an example to analyze the formation conditions and
process of hydrate flow barriers during deep-water gas well
testing. As well as the importance of flow barrier prevention,
they put forward guidance and suggestions on the use of coiled
tubing, hydrate inhibitor injection, and well cleaning process.
Wang Zhiyuan et al. (2018; 2019a; and 2019b) put forward a
prediction method for the formation area of natural gas
hydrate in the wellbore during deep-water gas well testing.22−24

They analyzed the sensitivity of gas production, gas
composition, geothermal gradient, water depth, inhibitor
content, and other parameters during testing to the impact
of wellbore hydrate risk area. From 2018 to 2020, Yang et al.
(2019a; 2019b) and Liu et al. (2018) established a prediction
model for hydrate deposition and plugging in the well-
bore.25−27 They proposed that the hydrate deposition layer on
the inner wall of the wellbore presents uneven thickness during
deep-water gas well testing, which is related to the test
conditions of the existence of free water, and predicted the
location and hydrate deposition in the wellbore where hydrate
plugging is most likely to occur.

At present, researchers mainly use the temperature and
pressure calculation model to obtain the temperature and
pressure distribution along the deep-water wellbore. For the

well cleanup process where the liquid gas ratio changes
dramatically, it is not easy to obtain accurate wellbore
temperature and pressure change rules, and it is difficult to
describe the distribution and change characteristics of gas−
liquid flow patterns. To solve above problems, on the basis of
analyzing the cleanup conditions of deep-water gas wells, the
transient multiphase flow simulation software OLGA was
innovatively used for the first time to carry out the transient
numerical simulation of well cleaning,28−30 which revealed the
characteristics of wellbore gas−liquid flow during the well
cleanup stage. At the same time, a hydrate prediction model
was established for the well cleaning process, which predicted
the hydrate formation risk in the wellbore under different well
cleanup conditions, it provides theoretical guidance for the
research on deep-water wellbore flow assurance.

2. WELL CLEANUP PROCESS OF DEEP-WATER GAS
WELL

Gas reservoir productivity testing methods generally include
back pressure well testing, isochronous well testing, and
improved isochronous well testing. At present, for the “one on
and one off” conventional back-pressure test commonly used
in deep-water gas wells, the test process can be divided into
three stages.

(1) During the well cleaning and flowback stage, the drilling
fluid and completion fluid and formation fluid in the
wellbore and near the well will be returned to the
ground, so that the gas well can meet the requirements
for entering the production stage and meet the
conditions for opening the gas well;

(2) In the variable production test stage, representative oil
and gas samples are obtained, and the formation
pressure change data in the production process is
obtained as required to establish the productivity
equation;

(3) In the shut-in pressure recovery stage, the formation
pressure recovery data were obtained and the reservoir
parameters were solved.

The well bore schematic diagram of the deep-water well
cleanup process is shown in Figure 1. Before the oil and gas
well is put into production, the fluid near the wellbore and
formation shall be cleaned through flowback, and relevant data
of oil and gas reservoir development shall be obtained to
prepare for subsequent production.

The well cleanup process has important purposes and
functions: (1) return the drilling fluid, completion fluid, and
formation fluid in the wellbore to the surface; (2) obtain fluid
analysis data; and (3) obtain formation pressure data and shut-
in pressure recovery data during well opening, and obtain
representative surface PVT oil and gas samples and surface
conventional oil and gas samples.

3. TRANSIENT NUMERICAL SIMULATION OF WELL
CLEANUP PROCESS

In this study, the cleanup process of a deep-water gas well is
simulated. The key parameters include the following:
completion fluid volume 1380 m3; completion fluid density
1.3 g/cm3; maximum flowback volume 60 × 104 m3/d; and
well cleaning time is 12 h. The observation point is set at the
wellhead and mud line. The other basic parameters and natural
gas composition of deep-water gas wells are shown in Tables 1
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and 2, respectively. The related constant parameters for
calculation are shown in Table 3.

The temperature and pressure distribution along the
wellbore and fluid flow characteristics under different blowout
volumes and wellhead blowout pressures are simulated, and
the fluid flow diagram is shown in Figure 2.

3.1. Effect of Flowback Volume. The simulation results
show that the liquid flowback volumes are 20 × 104, 50 × 104,
and 80 × 104 m3/d. The change of temperature and liquid
holdup at the wellhead and the change of pressure and
temperature at the mud line are shown in Figure 3.

It can be seen from Figure 3a that the initial temperature of
the wellhead is equal to the sea level temperature (20 °C).
Since the initial temperature of the liquid column along the

wellbore is the same as the ambient temperature outside the
pipe, the temperature at the wellhead decreases due to the
rising flow of fluid near the mud line, and then, the
temperature rises due to the flow of high-temperature fluid
below the mud line. Later, when the liquid column is basically
returned, the fluid flow in the wellbore tends to be stable, the
wellhead temperature also becomes gentle.

It can be seen from Figure 3b that with the discharge of the
liquid in the wellbore, the liquid holdup at the wellhead
gradually decreases from ″1″ to near the value of ″0″. The
significant drop in the liquid holdup indicates that the liquid
phase in the wellbore is basically drained, and the residual
liquid phase in the later stage is from the formation produced
water or gas phase condensate water. It can be seen that with
the increase of venting amount, the time for liquid main body
to be discharged is obviously shortened, and the venting
amounts are 20 × 104, 50 × 104, and 80 × 104 m3/d. The
liquid phase discharge times are 3300, 2000, and 1400 s,
respectively.

Figure 1. Wellbore structure of deep-water gas well for the well
cleanup process.

Table 1. Basic Parameters of Deep-Water Gas Well (X Well)

parameter unit value

formation depth m 3410
water depth m 1350
reservoir pressure MPa 39.5
reservoir temperature °C 89.5
pressure gradient MPa/100 m 1.2
geothermal gradient °C/100 m 3.87
seawater surface temperature °C 20
mud line temperature °C 3.2
test gas volume 104 m3/d 10 ∼ 150
test string diameter in 5−1/2
riser diameter in 21
casing diameter in ≥9−8/5

Table 2. Basic Parameters of Natural Gas

gas composition (%)

CH4 C2H6 C3H8 i-C4H10 n-C4H10 i-C5H12 C6
+ N2 CO2 relative molar mass relative density

88 5.4 0.56 0.3 0.45 0.13 0.1 2.1 1.85 17.9 0.617

Table 3. Related Constant Parameters for Calculation

parameter unit value

average molar mass of natural gas kg·mol−1 0.0179
molar mass of aqueous phase kg·mol−1 0.018
molar density of natural gas in hydrate

phase
mol·m−3 7540

density of aqueous phase mol·m−3 998
density of hydrate phase mol·m−3 950
enthalpy of hydrate formation J·kg−1 6.4 × 105

activation temperature for hydrate
formation

K 1.36 × 104

interfacial tension between hydrocarbon
and water

N·m−1 0.072

kinetic constant for hydrate formation dimensionless 3.632
empirical coefficient for hydrate formation dimensionless 0.85
roughness of pipeline inner wall m 4.2 × 10−5

thermal conductivity of hydrate layer W·(m·K)−1 0.45
thermal conductivity of test string W·(m·K)−1 52.5
thermal conductivity of casing string W·(m·K)−1 52.5
thermal conductivity of cement ring W·(m·K)−1 0.45
thermal conductivity of formation W·(m·K)−1 1.7
convection heat transfer coefficient W·(m·K)−1 1050

Figure 2. Schematic diagram of fluid flow simulation in wellbore
during the well cleanup process.
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Figure 3. Effect of gas release volume on fluid flow in wellbore.

Figure 4. Change of liquid holdup at the mud line.

Figure 5. Influence of gas release rate on the flow pattern in the wellbore.
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It can be seen from Figure 3c,d that the pressure at the mud
line decreases with the discharge of the liquid phase and
changes synchronously with the temperature curve. In the
initial state, the fluid temperature at the mud line is equal to
the sea bottom water temperature (3.2 °C). During blowout,
the fluid temperature at the mud line keeps rising, which is
caused by the flow of high-temperature liquid at the lower part

of the wellbore. When the liquid phase is basically discharged,
the fluid in the wellbore is mainly gas phase, and the
temperature at the mud line will drop again and gradually
become stable.

The change of liquid holdup at the mud line is shown in
Figure 4. Comparing the change curve of liquid holdup at the
mud line and wellhead, it can be seen that the time when the

Figure 6. Effect of blowout wellhead pressure on fluid flow in wellbore.

Figure 7. Pressure, temperature, liquid holdup, and flow pattern at the mud line.
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liquid holdup at the mud line drops significantly is slightly
earlier than that at the wellhead, and the advance time is about
200−400 s, which indicates that local liquid column sections
will be ejected by gas during liquid column discharge.

The flow pattern changes at the wellhead and mud line are
shown in Figure 5.

It can be seen from Figure 5a,b that at different times of the
same blowout production, bubbly flow patterns will appear at
the wellhead and mud line positions in the early stage, and the
bubbly flow pattern will change to the slug flow pattern. In the
middle and late stages of blowout, the annular flow distribution
will prevail. Since the simulation results of OLGA software do
not show the foggy flow and agitated flow, the analysis here
only involves the bubbly flow, slug flow, and annular flow. In
addition, at the same blowout time, taking the blowout 1800 s
as an example, the flow pattern at the mud line is different
under different blowout output 20 × 104, 50 × 104, and 80 ×
104 m3/d. Bubble flow, slug flow, and annular flow patterns are,
respectively, present in the pipe column at the mud line under
venting volume.

3.2. Effect of Blowout Wellhead Pressure. In order to
reflect the gas expansion effect affected by the pressure
reduction in the wellbore, it is assumed that the gas release rate
is unchanged (60 × 104 m3/d). Only the wellhead pressure
during blowout will be changed, and the temperature, liquid
holdup, and flow pattern changes at the wellhead when the
wellhead pressure is 10, 15, and 20 MPa, respectively, are
shown in Figure 6.

It can be seen from Figure 6a that the temperature at the
wellhead has a similar change feature of decreasing first and
then increasing. Since only the wellhead pressure (10, 15, and
20 MPa) at the time of blowout has been changed, the amount
of blowout gas has not changed, so the stable value of the
wellhead temperature at the later stage of blowout is similar.

From Figure 6b,c, when the amount of blowout gas remains
unchanged, the reduction of wellhead blowout pressure will
help shorten the blowout duration. Because under the
condition of lower pressure in the wellbore, the gas can
expand to a larger volume, and the larger gas−liquid ratio
makes the liquid column easier to be discharged, which can
also be reflected in the flow pattern change diagram. At the
same time in the flowback process, slug flow and annular flow
are more likely to occur in the wellbore under low wellhead
pressure. Bubble flow often appears at the initial stage of
flowback under high wellhead pressure, and gradually changes
into slug and annular flow patterns in the middle and late
stages.

The changes of pressure, temperature, liquid holdup, and
flow pattern at the mud line are shown in Figure 7.

It can be seen from Figure 7a that the pressure at the mud
line is obviously affected by the wellhead pressure, and the
pressure is basically stable in the early stage of flowback. When
the liquid column is returned, the pressure drops significantly,
and the correlation between the pressure drop value and the
wellhead pressure change is not obvious. The pressure at the
mud line remains relatively stable in the later stage of blowout.
It can be seen from Figure 7b that the change of wellhead
pressure has little impact on the temperature value at the mud
line, and the temperature at the mud line is basically stable at
the same level in the later stage of blowout.

It can be seen from Figure 7c,d that the decline of liquid
holdup at the mud line is similar to that at the wellhead. This
advance is the time required for the residual liquid to flow from
the mud line to the wellhead. The flow pattern change at the
mud line is similar to that at the wellhead. Under high wellhead
blowout pressure, the bubble flow and slug flow at the mud
line last longer, and under low wellhead pressure, the annular
flow pattern will appear earlier at the mud line. This is mainly
related to the larger gas expansion volume and higher gas−
liquid ratio under low pressure.

3.3. Wellbore Flow Pattern Distribution. The flow
pattern changes along the well bore under different blowout
volumes and blowout wellhead pressuress at 500 s are shown
in Figure 8.

It can be seen from Figure 8 that after 500 s of blowout,
different flow patterns are distributed along the well bore.
Bubble flow and slug flow are mainly present within 1000 m of
the lower part of the well bore, and annular flow pattern is
mainly present within 1000−3410 m. This is mainly caused by
the gradual decrease of the pressure at the upper part of the
well bore and the increase of the volume and section gas
content of the gas phase during the rising process.

4. RESULTS AND DISCUSSION
The well cleaning process is often accompanied by the
formation of hydrate. For example, the size of the blowout rate
will also affect the temperature and pressure distribution of the
wellbore, thus affecting the formation of hydrate. Therefore,
this study establishes a model to predict the risk of hydrate
formation during the well cleaning test.

4.1. Distribution of Ambient Temperature outside
the Wellbore. The external environment of deep-water gas
wells can be divided into stratum section and seawater section
from the mud line.31 In the stratum section from the mud line
down to the reservoir, the temperature distribution is

Figure 8. Change of flow pattern along wellbore under different discharge rates and wellhead pressures.
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approximately linear, and the temperature change rate can be
reflected by the geothermal gradient. In contrast, the
temperature distribution regularity of the seawater section
above the mud line is poor. The formation and seawater
temperature affect the heat transfer characteristics inside and
outside the wellbore. Therefore, it is necessary to clarify the
environmental temperature distribution characteristics outside
the wellbore.

The seawater temperature distribution has a certain
correlation with the depth. According to the law of water
temperature change, the seawater can be vertically divided into
mixed layer, thermocline layer, and thermostatic layer. Among
them, the mixing layer is generally within 100 m from the sea
level. Under the influence of ocean dynamics and thermal
dynamics, the ocean surface and seawater are fully mixed, and
the vertical temperature distribution is uniform. The vertical
variation of the seawater temperature in the thermocline is
more intense, and the temperature gradient is larger, and the
water temperature in the thermocline and mixed layer is
significantly affected by the sea area and season. The
thermostatic layer is in the area with greater seawater depth,
the water temperature is maintained at a lower level, the water
temperature gradient is small, and it is less affected by the
season. Seawater temperature can be calculated by the water
temperature fitting formula:32,33
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In the range with seawater depth greater than 200 m

= + [ + ]T a a a h a
a( )/ 1 exp( )w 2 1 2

w 0
3 (5)

where Ts is the sea surface temperature, °C; Hw is the seawater
depth, m; and a0, a1, a2, and a3 are empirical coefficients, a0 =
− 130.1, a1 = 39.4, a2 = 2.3, and a3 = 402.7.

Taking deep-water gas well X as an example, the formation
depth is 3410 m, the water depth is 1350 m, and the
geothermal gradient is 3.87 °C/100 m. Combined with the
above water temperature formula, the distribution of external

ambient temperature of the wellbore is obtained as shown in
Figure 9.

It can be seen from Figure 9 that the external ambient
temperature of the well bore decreases first and then increases
from the ground to the reservoir. The water temperature of the
mixed layer and thermocline within 200 m above the seawater
is greatly affected by the surface temperature and season. The
water temperature in summer is obviously higher than that in
winter. The water temperature at the 1350 m mud line is the
lowest point of the temperature along the well bore, reaching
3.2 °C. The formation temperature increases linearly from the
mud line to the reservoir, reaching the highest value after
reaching the reservoir.

4.2. Hydrate Risk Prediction. 4.2.1. Hydrate Risk
Prediction Model. During the wellbore cleanup process, the
mass conservation equation, momentum conservation equa-
tion, and energy conservation equation of multiphase flow can
be established.34−38

1 Mass conservation equation

+ =
z

A v E
z

A v E( ) ( ) 0c g g g c p p p (6)

where Ac is the test column cross-sectional area, m2; ρg is the
density of produced gas, kg/m3; ρp is the density of completion
fluid, kg/m3; Eg is the volume fraction of produced gas,
dimensionless; Ep is the volume fraction of completion fluid,
dimensionless; vg is the rising velocity of produced gas, m/s; vp
is the rising velocity of liquid phase, m/s; qg is the gas
production rate, kg/s; and qp is the liquid production rate, kg/
s.

2Momentum conservation equation

= + +p
z

f
v

d
v

v
z

g
d
d 2

d
d

cosm
m m

2

m m
m

m (7)

where p is the pressure in the tubing, MPa; fm is the friction
coefficient of fluid, dimensionless; and g is the gravity
acceleration, m/s2.

3 Energy conservation equation can be expressed as

Figure 9. External temperature distribution of deep-water gas well (X
Well).
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where Tf is the temperature in the tubing, K; Q is the heat
transfer rate from fluid to the formation or seawater, W; Cpm is
the specific heat capacity at constant pressure of the mix fluid,
J/(kg·K); and CJm is the Joule−Thomson coefficient of the
fluid mixture, dimensionless, and α is the angle of inclination,
rad.

Next, take the formation section as an example to introduce
the heat transfer characteristics of fluid in the wellbore to the
external environment. Below the mud line, natural gas, oil pipe,
oil casing ring, casing, cement ring, and formation are
distributed from inside to outside. The schematic diagram of
wellbore section below mud line is shown in Figure 10.

The heat loss rate of the wellbore can be expressed as

= =Q
z

q r U T T
d
d

2 ( )m to ao m r (9)

where qm is heat loss rate per unit depth, W/m; Tm is the
temperature of fluid in the string, K; Tr is temperature of the
outer wall of the cement ring, K; and Uao is the comprehensive
thermal conductivity, J/(s·m2·K).

The heat transfer from the inside of the test string to the
formation needs to overcome several thermal resistances,
including liquid film thermal resistance, hydrate deposition
layer thermal resistance, test string (tubing) thermal resistance,
casing thermal resistance, cement ring thermal resistance,
annulus radiation, and convection heat transfer resistance. The
comprehensive thermal conductivity can be expressed as39−41
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Based on the assumption that the formation is unsteady heat
conduction, the heat loss rate from the outer wall of cement
ring to the formation can be expressed as

= =q
Q

z
T T

f t
d

d
2 ( )m

m
e

cem ei
(11)

where λe is the thermal conductivity of the formation, W/(m·
K); Tei is the temperature of the formation, K.

The thermodynamic equations for the formation of gas
hydrates can be derived from the thermodynamic equilibrium
theory.
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=f f xln( / ) lnw wr w (13)

If inhibitors exist

=f f xln( / ) ln yw wr w w (14)

More convenient and applicable, the relationship between
the shift of hydrate phase equilibrium temperature caused by
adding inhibitor and the mass fraction of hydrate inhibitor can
be expressed as

=T
K w

M w(100 )eq
in in

in in (15)

where Min is the relative molar mass of inhibitor, g/mol; Win is
the mass fraction of inhibitor solution; and Kin is the mass
transfer coefficient related to the inhibitor type. For methanol,
isopropanol, and ammonia, Kin = 1228, for calcium chloride,
Kin = 1200, and for diethylene glycol, Kin = 24250.

According to the above method, the hydrate formation risk
characteristics under different test conditions can be obtained
by changing the given parameters.

4.2.2. Prediction Result. In order to discuss the influence of
test conditions on hydrate formation, the regional distribution
laws of hydrate formation under different test gas volumes,
different production liquid gas ratios, and different methanol
inhibitor injection volumes were analyzed.

1 Test gas volume
At a constant liquid gas ratio (10 m3/104m3), the test gas

volumes are 20 × 104 m3/d, 40 × 104 m3/d, 60 104 m3/d, 80 ×
104 m3/d, and 100 × 104 m3/d. The distribution of wellbore
temperature field and hydrate generation area are shown in
Figure 11.

It can be seen from Figure 11 that with the increase of test
gas volume, the fluid temperature distribution curve gradually
moves to the right, and the internal temperature of the
wellbore gradually increases. This is because the fluid in the
wellbore carries more heat under high gas production, the flow
temperature is less affected by the external low temperature
environment, and the temperature changes more gently. When

Figure 10. Schematic diagram of the wellbore section below the mud line.
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the temperature distribution curve intersects the hydrate phase
equilibrium curve, the closed area on the left side of the phase
equilibrium generated by the intersection is the hydrate
generation area. It can be seen that when the gas production is
10 × 104 m3/d, the hydrate generation area in the wellbore is
1350 m, and when the gas production is higher than 30 × 104

m3/d, the temperature curve and hydrate phase equilibrium
curve no longer intersect, and the hydrate formation area
disappears.

(2) Production liquid gas ratio
At constant test yield (20 × 104 m3/d), the distribution of

wellbore temperature field and hydrate generation area at the
liquid gas ratios of 0, 15 , 30, 45, and 60 m3/104m3 is shown in
Figure 12.

It can be seen from Figure 12 that when the test gas volume
is constant, the temperature distribution in the wellbore
increases with the increase of the liquid gas ratio because the
heat capacity of the water phase is far greater than that of the
gas phase, which can store more heat and slow down the heat
loss rate. It can be seen that when the gas production is 20 ×
104 m3/d, when the liquid gas ratio increases from 0 to 15 m3/
104m3, the temperature at the wellhead increases from 13.4 to
17.6 °C. In addition, when there is no water production, the
length of the area meeting hydrate generation in the wellbore is
1142 m. When the liquid gas ratio is 30 m3/104m3, there is no

hydrate generation area in the wellbore, and the critical liquid
gas ratio of the area without hydrate generation is 18 m3/
104m3. It can be seen that when the water yield or liquid gas
ratio increases to a certain value, the wellbore temperature rise
caused by the water yield can significantly shorten the hydrate
generation area and reduce the risk of hydrate deposition.
When the water yield or liquid gas ratio is lower than the
critical value, the increase of water yield will increase the risk of
hydrate deposition due to the increase of hydrate generation
and deposition.

3 Methanol inhibitor injection volume
At constant test gas volume (20 × 104 m3/d) and liquid gas

ratio (10 m3/104m3), the wellbore temperature field and
hydrate generation area distribution under different methanol
consumption (0, 7, 14, 20, and 25 wt %) are shown in Figure
13.

As shown in Figure 13, when the methane content changes,
the wellbore temperature distribution curve basically does not
change, while the hydrate phase equilibrium curve changes. It
can be seen that the methanol content has little effect on the
wellbore temperature distribution, but it will affect the hydrate
formation conditions, and affect the distribution of hydrate
formation areas in the wellbore. When the methanol content
increases, the hydrate phase equilibrium curve gradually moves
to the left, and the difficulty of hydrate formation increases.
Under the above test conditions, without methanol inhibitor,
the hydrate formation area in the wellbore is 1382 m. When
the methanol mass fraction is 14%, the hydrate formation area
is shortened to 785 m, while when the methanol content
increases to 20 wt %, the hydrate formation area disappears.

5. CONCLUSIONS

1In the process of deep-water gas well cleanup, the initial
temperature at the wellhead is equal to the sea level
temperature, which decreases first, then increases, and
finally tends to be flat. The flow temperature at the mud
line first increases, then decreases, and then flattens.

2 The liquid holdup in the wellbore gradually decreases
from ″1″ to ″0″, indicating that the liquid phase in the
wellbore is basically drained, and the residual liquid
phase in the later period comes from the formation
produced water or gas condensate water. During liquid
column discharge, local liquid column will be ejected by
gas.

Figure 11. Distribution of hydrate formation area under different test
gas volumes.

Figure 12. Distribution of hydrate formation area under different
liquid−gas ratios.

Figure 13. Distribution of hydrate formation area under different
methanol contents.
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3The reduction of wellhead blowout pressure will help
shorten the blowout duration, and the gas will expand to
a larger volume. Slug flow and annular flow are more
likely to occur in the wellbore under low wellhead
pressure. Bubble flow often appears at the initial stage of
flowback under high wellhead pressure and gradually
changes to slug and annular flow patterns in the middle
and late stages;

4 At the same time of blowout, the well bore will also
show different flow pattern distributions along the way.
Bubble flow and slug flow are often present at the lower
part of the wellbore, and the annular flow pattern is
dominant in the upper and middle part of the wellbore.

5 The prediction method of hydrate formation area
proposed in this study is based on the coupled
calculation model of temperature and pressure and the
hydrate phase equilibrium model, which is applicable to
the study of hydrate risk in the process of deep-water gas
well cleaning and blowout.

6 As for high liquid−gas ratio condition, properly speeding
up the well cleanup process and using hydrate inhibitors
can effectively reduce the hydrate risk in the process of
deep-water gas well cleanup.
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