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ABSTRACT: A polymer flooding workflow was developed to diminish polymer degradation and minimize formation damage under
high-temperature−high-salinity reservoir conditions by using a shear-thickening polymer (SAP) prepared in engineered waters. First,
rock characterization, fluid−fluid analysis, and formation damage tests were conducted to shortlist the potential formulations of
polymer solutions based on higher viscosity and less formation damage. Second, polymer core flooding experiments were conducted
under reservoir conditions to investigate the performance of candidate polymer solutions on oil displacement efficiency (DE). For
the first time, the compatibility between SAP and engineered water was systematically tested. The factors affecting bulk rheology,
polymer retention, and oil DE, including polymer concentration, polymer type, salinity, and hardness, were experimentally
investigated and compared with regular partially hydrolyzed polyacrylamide (HPAM). Results showed that compared with HPAM,
the SAP solution led to lower formation damage and overall higher oil DE, especially in the first 0.4 pore volume of polymer
injection. When using SAP prepared in twice-diluted and hardness-stripped seawater under low-salinity formation brine conditions,
the DE was the highest (69.04%). The formation damage was reduced when the salinity and hardness of the base fluid were lower,
whereas stripping the hardness had a more pronounced effect on reducing formation damage. The improved oil recovery potential
due to the shear-thickening feature of SAP solutions and their better compatibility with engineered water compared to regular
HPAM has been proven in this study. It was also found that the lower salinity and hardness of the engineered water further
stimulated the enhanced oil recovery potential of SAP solutions. The contribution of this work relies on revealing how SAP prepared
in different engineered waters affects incremental oil DE under harsh reservoir conditions based on experimental evidence and
mechanism analysis. The novelty of this work lays the foundation for investigating the potential application of SAP on a pilot scale.

1. INTRODUCTION
Globally, oil and gas consumption has been increasing, while
more than 65% of the original oil in place remains in the
reservoirs after conventional primary recovery and secondary
recovery.1 This portion of oil might either be bypassed by
injected fluid owing to reservoir heterogeneity and viscosity
contrast (gravity contrast) or be trapped by capillary forces in
the flooded area. Enhanced oil recovery (EOR) methods have
been applied to recover oil in mature fields by increasing the
volumetric sweep efficiency and/or displacement efficiency.2

Polymer flooding is a chemical EOR technique widely used in
fields to recover bypassed oil. The injection of polymer

solutions might increase the viscosity of the displacing fluid,
thus lowering the water−oil (displacing fluid to displaced
fluid) mobility ratio, leading to a higher volumetric sweep
efficiency.3 Reduction of viscous fingering and improvement of
the water injection profile after polymer flooding contribute to
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minimizing the bypassing effect.4 Polymer flooding has been
conducted in many fields for decades and has successfully
increased oil recovery.
Nevertheless, fluid incompatibility under harsh reservoir

conditions and poor conformance in heterogeneous reservoirs
hinder the performance of polymer flooding.5,6 Harsh reservoir
conditions hinder the polymer EOR performance because of
the incompatibility between the reservoir fluid and the injected
polymer solution, leading to unexpected formation damage and
unfavorable EOR efficiency. Many factors affecting polymer
core-flood performance have been reported in laboratory
investigations, such as temperature, formation brine condition,
polymer type, polymer concentration with smart brine, and
injection scheme.6−11 Smart water flooding has been
investigated to alter the rock wettability of high-temperature
carbonate reservoirs by spiking phosphate.12 In this study, new
associative polymers prepared in different formulations of
engineered water have been tested to improve polymer
flooding performance under harsh reservoir conditions.
Associative polymers are copolymers of a hydrophilic

acrylamide monomer with a small amount of a hydrophobic
monomer (0.3−4 mol %), leading to some advantages of
associative polymers, such as greater viscosities than HPAM
with similar molecular weight, relative insensitivity to salinity
or temperature, and less overall polymer use in large-scale
polymer flooding.13 Rheological properties, polymer transport,
and oil recovery efficiency have been investigated.13 The shear-

thinning feature of HPAM is beneficial for the polymer
injection process because the low viscosity of the polymer
solution might enhance the polymer injectivity near the
wellbore, while in reservoirs, this feature is a drawback because
the flow velocity in the high-permeability zone would be high,
leading to lower polymer viscosity.13 The shear-thickening
feature is favorable in communicated multilayered reservoirs
because it is more effective in displacing bypassed oil in the
low-permeability zone. Thus, the ideal characteristic of a
polymer solution is that its viscosity is lower in the near-
wellbore region and higher in the high-permeability layers of a
communicated multilayered reservoir. At the real field scale,
the typical field water injection rate is approximately 1 ft/day.
In this shear-rate region of field polymer implementation, the
HPAM usually only exhibits shear-thinning features.14

Researchers have developed or tested polymers that exhibit
shear-thickening features at moderate flow velocities and shear-
thinning features at high flow velocities. These polymers are
known as bifunctional or associative polymers.14−17 Never-
theless, it is difficult to control their viscosity change versus the
flow rate in the reservoir. Adjusting these polymer solutions to
fit the different flow velocities and salinity requirements of
different reservoirs remains an issue. Few studies have been
conducted on the EOR performance of shear-thickening
polymers. This study investigated how the ion composition
of a base fluid (engineered water) interacts with polymer
molecules and thus affects the rheology, formation damage,

Figure 1. Flow chart of the work procedure.
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and displacement efficiency of polymer fluids under harsh
reservoir conditions. The performance of conventional HPAM
and shear-thickening polymer SAP prepared with different
formulations of engineered brine was studied under two
different formation brine conditions.
This research focuses on understanding the factors affecting

the behavior of conventional HPAM and associative polymer
SAP and improving their EOR performance under harsh
reservoir conditions (high temperature and high salinity) by
conducting rock characterization, fluid analysis, and core-flood
experiments. The key objectives are to experimentally
investigate the factors affecting the bulk rheology, polymer
retention, and oil displacement efficiency of SAP and compare
it with regular HPAM under harsh reservoir conditions. This
study contributes to revealing the compatibility between shear-
thickening associative polymers and different engineered water
formulations and their performance in incremental oil
displacement efficiency under harsh reservoir conditions
based on experimental evidence and mechanism analysis.
The degradation and conformance control problems during

polymer flooding and the characteristics of shear-thickening
polymers are introduced in Section 1. The remainder of this
paper is organized as follows. In Section 2, the materials and
methodology used in this study for the comprehensive
investigation of polymer performance are provided. Section 3
focuses on the results of the fluid analysis and core-flood
experiments. These results reveal how multiple parameters
affect the EOR performance of HPAM and SAP under harsh
reservoir conditions, including the salinity and hardness of the
engineered brine, composition of the formation brine, and
temperature. In Section 4, the main conclusions based on the
experimental results and discussion are presented.

2. MATERIALS AND METHODS
A polymer flooding workflow was developed to investigate the
performance of a shear-thickening polymer SAP compared to
that of the conventional polymer HPAM under harsh reservoir
conditions. First, information regarding the geological back-
ground of the targeted reservoir field was acquired, and a
conventional core analysis was conducted. Fluid analysis and
formation damage tests were then conducted to understand
the bulk rheology of the polymer solutions and their behavior
in porous media. Five out of the eight polymer fluid
formulations were shortlisted after the formation damage
test. Finally, oil displacement efficiency experiments were
conducted under reservoir conditions to investigate the effect
of the candidate polymer solution on the oil displacement
efficiency. A flowchart of the work procedure is shown in
Figure 1.
2.1. Materials. 2.1.1. Sandstone Rock. Gray Berea

sandstone outcrops had a length of 1 ft and a diameter of
1.5 in. Each outcrop was cut and trimmed to four core samples
with a length of approximately 3 in. In this study, 26 cores were
used for the core-flooding experiments, including 16 cores for
the formation damage test and 10 cores for the oil
displacement efficiency study. The cores were regarded as
homogeneous, with the average porosity ranging from
approximately 18 to 21% and the absolute permeability
ranging from approximately 100 to 130 md.
The geological background and reservoir characterization of

the targeted field have been well summarized by Qi et al.18 and
Rabbani et al.19 Based on field data, representative core plugs
cut from Gray Berea sandstone outcrops were chosen for the

polymer core-flood experiments. Sixteen core plugs (batch 1)
were used for the formation damage test, and 10 core plugs
(batch 2) were used for the polymer core-flood oil displace-
ment efficiency study. A summary of their properties is
presented in Table 6 and Table 7.
2.1.2. Synthetic Brine. The formation brine was syntheti-

cally prepared by dissolving the salts in deionized water. Two
formulations of the formation brine were prepared according
to the reservoir fluid composition: FB-1 (28,230 ppm, 2.823 wt
%) and FB-2 (79,708 ppm, 7.9708 wt %). The composition of
the synthetic formation brine is illustrated in Table 1, and the
properties of the formation brine under reservoir temperature
(80 °C) are illustrated in Table 2.

2.1.3. Base Fluid and Polymer. Four formulations of
seawater were synthetically prepared as base fluids of polymer
solutions: normal seawater (SW, 13,464 ppm, 1.3464 wt %),
twice-diluted seawater (SW/2, 6732 ppm, 0.6732 wt %),
hardness-stripped seawater (SW -HS, 14,241 ppm, 1.4121 wt
%), and twice-diluted hardness-stripped seawater (SW/2-HS,
7121 ppm, 0.7121 wt %). The composition of the seawater is
shown in Table 3.

MAX-165 and SAP-1386 were used in this study (Table 4).
MAX-165 is a regular HPAM polymer, and SAP-1386 is an
associated polymer with self-adaptive thickening features. In
this study, 1000 and 2000 ppm were chosen as concentrations
of polymer solutions based on the recommendation of the
manufacturer, which is in line with the literature.6,8,11

2.1.4. Crude Oil. Light crude oil was used to drain the
formation brine in core plugs. Crude oil has a density of 0.7843
g/cm3 and a viscosity of 1.2318 cP at a reservoir temperature
of 80 °C. Table 5 lists the density and viscosity at varying
temperatures.
2.1.5. Rock Samples. Based on the field data, representative

core plugs cut from Gray Berea sandstone outcrops were

Table 1. Composition of Formation Brine

composition (mg/L) formation brine 1 (FB-1) formation brine 2 (FB-2)

Na+ 9960 27,708
Ca2+ 581 2265
Mg2+ 225 656
Cl− 16,382 47,516
SO42− 762 1405
HCO3− 317 146

Table 2. Properties of Formation Brine under the Reservoir
Temperature (80 °C)

fluid density (g/cm3) viscosity (cP)

FB-1 0.97 0.39
FB-2 1.02 0.41

Table 3. Composition of Seawater

composition (mg/L) SW SW/2 SW-HS SW/2-HS

Na+ 3336 1668 5230 2615
Ca2+ 361 180 0 0
Mg2+ 756 378 0 0
Cl− 5531.00 2766 5531 2766
SO42− 3260 1630 3260 1630
HCO3

− 220 110 220 110
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chosen for the polymer core-flood experiments. Sixteen core
plugs (batch 1) were used for the formation damage test, and
10 core plugs (batch 2) were used for the polymer core-flood
oil displacement efficiency study. The summary of their
properties is shown in Tables 6 and 7.
2.2. Methods. 2.2.1. Polymer Bulk Rheology Tests. Bulk

rheology tests were conducted to investigate the effects of the
polymer type, polymer concentration, solution brine salinity,
solution brine hardness, temperature, and shear rate on the
viscosity of the polymer solutions. The study was conducted
using a stress-controlled shear rheometer (Discovery HR-3,
DHR-3, TA Instrument) provided by Anton Paar.
The targeted shear rate region was calculated according to

the rock properties and injection rates.20 Equation 1 was
applied for calculation. The reference shear rate region for the
bulk rheology test ranged from 1 to 400 s−1.

n
n

q

A k
3 1

4
4

8w 1/2= + ×
[ ] (1)

where γw is the shear rate in s−1, q is the flow rate in cm3/sec, A
is the cross-sectional area in cm2, k is the absolute permeability
in cm2 (1 cm2 ≅ 1011 md), and the term (3n + 1)/4n

represents the non-Newtonian correction factor that can be
omitted at very low flow rates.
The viscosity of the polymer solutions was measured at 25

°C under shear rates varying from 1 to 400 s−1. At a fixed shear
rate of 10 s−1, the viscosity of the polymer solutions was
measured at temperature ranging from 25 to 60 °C to
investigate the effect of temperature. Rheology tests above 60
°C were not conducted because they require the application of
high pressures. The current temperature range was selected to
characterize the thermal degradation of polymers. Eight
HPAM and four SAP solutions were tested.
In the oil displacement efficiency study, the shear rate

corresponding to the injection rate was estimated using eq 1.
For Gray Berea sandstone, the shear rate corresponding to a
typical injection rate of 1 ft/day in the core-flooding
experiments was estimated as 7−8 s−1.
2.2.2. Formation Damage Test. The residual resistance

factor (RRF) reflects the reduction in permeability caused by
polymer injection in a porous medium. It is defined as the ratio
of brine mobility before polymer flooding to that after polymer
flooding, which can be calculated using the pressure drop ratio
during brine injection under two different conditions (eq 2).
Because polymer retention is an irreversible process, flushing
the core with brine after polymer flooding does not fully
restore the permeability of the core. Therefore, the RRF value
after polymer flooding is typically greater than 1.

p

p
RRF w initial

w after polymer

brine after polymer

brine before polymer

,

,

( )

( )

= =
(2)

where λw is the water phase mobility; λw, initial represents the
brine mobility before polymer injection, and λw, af ter polymer is the
brine mobility after polymer injection; Δp represents the
pressure drop during injection of brine; Δp(brine before polymer)
represents the pressure drop measured during brine injection
prior polymer flooding; and Δp(brine af ter polymer) represents the
stabilized pressure drop measured during brine injection after
polymer flooding.
The key objective of the formation damage test is to

investigate the formation damage effect of shortlisted polymer
solutions in porous media under different formation brine
conditions by evaluating the RRF. The effects of polymer type,

Table 4. Properties of Polymers

name source manufacture type

molecular
weight
(million
Daltons)

MAX-165 ChemEOR,
Inc.

ChemEOR,
Inc.

HPAM
polymer

15

SAP-1386 SGTCa PEERib associative
polymer

0.5

aSGTC: Sheeta Global Tech Corp, Covina, CA 91722, U.S.A.
bPEERi: Power, Environmental & Energy Research (PEER) Institute,
Covina, CA 91722, U.S.A.

Table 5. Density and Viscosity of Crude Oil

temperature density dynamic viscosity kinematic viscosity

0 °C 0.8271 g/cm3 3.8820 cP 4.6938 mm2/s
40 °C 0.8130 g/cm3 2.3840 cP 2.9324 mm2/s
80 °C 0.7843 g/cm3 1.2318 cP 1.5706 mm2/s

Table 6. Properties of Core Plugs Used for the Formation Damage Test

no. core plug ID length (cm) diameter(cm) dry weight (g) grin density (g/mL) helium porosity air permeability (md)

1 GB 2-1 7.54 3.78 178.4 2.65 20.66% 187.9
2 GB 2-2 7.54 3.78 178.2 2.65 20.63% 195.3
3 GB 1-3 7.57 3.76 176.1 2.64 21.02% 225.1
4 GB 2-3 7.39 3.76 173.0 2.64 20.44% 191.3
5 GB 4-3 7.26 3.78 170.6 2.64 21.01% 201.7
6 GB 3-3 7.49 3.78 175.7 2.64 20.39% 208.3
7 GB 1-2 7.44 3.78 174.8 2.65 21.40% 216.3
8 GB 3-1 7.59 3.78 179.3 2.66 20.85% 216.3
9 GB 1-4 7.57 3.81 185.5 2.63 18.37% 159.8
10 GB 3-4 7.21 3.81 177.9 2.65 18.40% 144.8
11 GB 4-4 7.39 3.81 181.8 2.65 18.41% 144.4
12 GB 2-4 7.24 3.81 177.3 2.64 19.76% 160.2
13 GB 1-5 7.50 3.83 182.1 2.65 20.36% 174.4
14 GB 9-5 7.54 3.76 177.8 2.65 19.91% 152.5
15 GB 10-5 7.47 3.76 176.1 2.66 20.15% 156.3
16 GB 12-5 7.50 3.76 176.7 2.64 19.70% 175.4
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salinity, hardness of base fluids, and formation brine type on
the formation damage effect were studied. Sixteen formation
damage experiments were conducted using eight different
polymer solutions under two formation brine conditions (FB-1
and FB-2).
This study was conducted using a core-flood system under

the condition of a confining pressure of 3000 psi, backpressure
of 1000 psi, and temperature of 80 °C. The flow rates in each
experiment were 0.5, 1.0, 2.0, 3.0, and 4.0 cm3/min. The

stabilized pressure drop at each flow rate was recorded, and the
RRF was calculated accordingly. A schematic of the
experimental setup is shown in Figure 2.
2.2.3. Drainage and Core Aging. Drainage involves

injecting oil into core plugs to reach irreducible water
saturation. Core holders, water-wet porous plates, hand
pumps, oil accumulators, and injection pumps were used for
the drainage. The core plugs were fully saturated with
formation brine prior to drainage.

Table 7. Properties of Core Plugs Used for Oil Displacement Efficiency Study

no. core plug ID length (cm) diameter (cm) pore volume (cm3) helium porosity air permeability (md) absolute permeability (md)

1 GB 2-5 7.30 3.83 17.55 20.87% 160.9 96.9
2 GB 3-5 7.25 3.83 16.84 20.16% 172.0 113.9
3 GB 4-5 7.40 3.83 17.49 20.52% 173.6 106.5
4 GB 5-5 7.59 3.83 17.67 20.20% 164.9 109.1
5 GB 6-5 7.42 3.83 17.39 20.34% 163.8 98.4
6 GB 8-5 7.31 3.83 17.41 20.68% 160.6 94.4
7 GB 11-5 7.23 3.76 15.45 19.24% 172.9 112.8
8 GB 13-5 7.59 3.75 17.26 20.59% 184.7 127.1
9 GB 15-5 7.42 3.75 16.92 20.65% 200.0 135.2
10 GB 16-5 7.53 3.75 16.23 19.51% 195.6 113.8

Figure 2. Schematic diagram of the core-flood system of the formation damage test.

Table 8. Details of Core Plugs Used for Oil Displacement Experiments

sample ID kw (mD) PV (cm3) brine volume (cm3) Swir polymer formation brine

GB 3-5 113.9 16.84 12.0 28.74% HPAM SW FB-1
GB 15-5 135.2 16.92 12.3 27.30% SAP SW FB-1
GB 13-5 127.1 17.26 12.8 25.84% SAP SW-HS FB-1
GB 5-5 109.1 17.67 12.3 30.39% SAP SW/2 FB-1
GB 11-5 112.8 15.45 11.5 25.57% SAP SW/2-HS FB-1
GB 8-5 94.4 17.41 11.7 32.80% HPAM SW FB-2
GB 4-5 106.5 17.49 12 31.39% SAP SW FB-2
GB 2-5 96.9 17.55 12.8 27.07% SAP SW-HS FB-2
GB 16-5 113.8 16.23 13.1 19.29% SAP SW/2 FB-2
GB 6-5 98.4 17.39 11.5 33.87% SAP SW/2-HS FB-2
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Each core plug is placed in the sleeve of the core holder. A
water-wet porous plate is placed at the bottom of the core plug.
This allowed the water phase to pass through and prevented
the oil phase from passing. After applying a confining pressure
of 1000 psi, the filtered crude oil was injected from the
accumulator into the core holders. The injection pressure was
initially set to 40 psi and after approximately 72 h, it was
increased to 180 psi. The duration of the drainage process for
each sample batch was approximately 120 h.
The effluent (brine) was collected using a graduated tube. At

the end of the drainage, the volume of the brine produced
stabilized. This stabilized volume was used to calculate
irreducible water saturation (Swir).
The results are summarized in Table 8, which illustrates the

Swir values of each sample used in the oil displacement
efficiency experiments. Swir values ranged from 19.29 to
33.87%. The plan and core information for the oil displace-
ment efficiency experiments are presented in Table 8. The
absolute permeability of these core plugs ranged from
approximately 90 to 140 md. Half of them were saturated
with FB-1, and half were saturated with FB-2.
The effective permeability to oil of each core plug was

measured using a core-flood system under a confining pressure
of 1000 psi, backpressure of 200 psi, and temperature of 80 °C.
The temperature was increased to 80 °C because it was
difficult for the pressure drop to stabilize at ambient
temperature when using crude oil.
Different flow rates were used for each measurement, which

were 0.5, 1.0, 1.5, and 2.0 cm3/min, respectively. The oil
permeability was calculated using Darcy’s equation (eq 3):

q
k

A P
L

o

o

=
(3)

where q is the flow rate in cm3/s, ko is the oil permeability in
Darcy, μ represents the dynamic viscosity of crude oil in cP,

ΔP is the pressure drop in atm, L is the length of the core plug
in cm, and A is the cross-sectional area of the core plug in cm2.
After the oil permeability measurement, the samples were

placed into the aging cells and crude oil was added to keep the
samples submerged below the oil level. The well-sealed aging
cells were placed in an oven at 90 °C for 7 days to restore the
wettability of the reservoir.
After aging, the oil permeabilities of these core plugs were

measured using a core-flood system under a confining pressure
of 1000 psi, backpressure of 200 psi, and temperature of 80 °C
to determine the permeability change after aging. Subse-
quently, the confining pressure was increased to 3000 psi, and
the backpressure was increased to 1000 psi. The oil
permeability of each core plug was measured again under
this condition (reservoir condition). This was to guarantee that
the oil permeability was measured under the same reservoir
conditions as in the formation damage test and oil displace-
ment efficiency experiment. The flow rates used in each
measurement were 0.5, 1.0, 1.5, and 2.0 cm3/min.
2.2.4. Oil Displacement Efficiency Study. An oil displace-

ment efficiency study was conducted using a core-flood system
under reservoir conditions (2000 psi confining pressure, 1000
psi backpressure, and 80 °C), as illustrated in Figure 3. First,
filtered crude oil was injected through the core sample for
permeability measurements. Subsequently, the polymer sol-
ution was injected from another accumulator to displace oil.
After polymer injection of one dead volume, the effluent was
collected in graduation tubes by using a fraction collector. The
fraction collector automatically switches the 5 cm3 graduated
tubes every specified duration.
The flow rates were 0.05 cm3/min (1 ft/day), 0.1 cm3/min

(2 ft/day), 0.5 cm3/min (10 ft/day), and 1.0 cm3/min (20 ft/
day), respectively. In each experiment, 1.6 PV of the polymer
solution was injected at a flow rate of 0.05 cm3/min. At each
flow rate except at 0.05 cm3/min, approximately 2 PV of
polymer solution was injected. The duration of each oil
displacement efficiency experiment was approximately 30 h.

Figure 3. Schematic diagram of the core-flood system.
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The oil production data (oil displacement efficiency), water
cut, and pressure drop were analyzed, as shown in eqs 4 and 5.

V
S V

DE
(1 )

ot

wir p
=

× (4)

where DE represents the oil displacement efficiency, Vot
represents the cumulative oil production in cm3, Swir is the
irreducible water saturation, and Vp represents the pore volume
of the core plug in cm3.

W
V

V Vc
w

o w
=

+ (5)

where Wc represents the water cut, Vo represents the oil
production in a specific duration in cm3, and Vw represents the
water production for a specific duration in cm3.

3. RESULTS AND DISCUSSION
3.1. Polymer Bulk Rheology. The concentration effect on

the viscosity of HPAM under 25 and 60 °C is illustrated in
Figure 4 and Figure 5.

Under the same conditions, the viscosity of 2000 ppm
HPAM was twice to 3.5 times as large as that of 1000 ppm
HPAM. In the low-shear rate region, the viscosity difference

between the two concentrations was larger than that in the
high-shear rate region. This is in line with the experimental
results from the literature, in which an HPAM-based polymer
solution was tested.21 Under 60 °C, the smallest viscosity of
polymer solution is 4.9 cP, which is sufficient to moblize the
bypassed crude oil.
The effects of salinity and hardness of the base fluids (SW,

SW/2, SW-HS, and SW/2-HS) and shear rate on polymer
viscosity are illustrated in Figure 6.

In the bulk rheology test, all HPAM solutions exhibited
shear-thinning behavior under shear rates from 1 to 400 s−1.
Early in the 1970s, the shear-thinning feature of HPAM has
been reported.22 When the shear rate increases, the polymer
coils were forced apart by shear forces, leading to viscosity
reduction.23 The viscosity of polyacrylamide solutions in the
shear-thinning region can be described using a power law
model24,25

K n 1= (6)

where η represents the viscosity in Pa·s, K represents the
consistency index in Pa·s, γ̇ represents the shear rate in s−1, and
n represents the flow index. In Figure 6, the viscosity curves in
the double-log scale show a linear trend versus shear rates,
indicating that they satisfy the power law behavior. K and γ̇ can
be determined according to the slope of the viscosity−shear
rate curve.
Under the same conditions, the viscosities of the polymer

solutions, in descending order, were SW/2-HS > SW-HS >
SW/2 > SW. When the salinity and hardness of the base fluid
were higher, the viscosity of the polymer solution decreased.
After hydrolysis, the acrylate moieties with anionic chargers
were associated with cations, and the viscosity of the polymer
solutions decreased towards the viscosity of the non-hydro-
lyzed polymer.26 In addition, compared with salinity, hardness
of base fluids had a more pronounced effect on lowering the
polymer viscosity because divalent cations (Ca2+ and Mg2+)
could connect two acylate moieties together, leading to the
direct shrinking of the hydraulic radius of polymer molecules in
addition to decreasing the intramolecular repulsions.26

Consequently, the viscosity loss is much more if there are

Figure 4. Rheology test: HPAM concentration effect at 25 °C.

Figure 5. Rheology test: HPAM concentration effect at 60 °C.

Figure 6. Rheology test: HPAM salinity and hardness effect, 1000
ppm.
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divalent cations in the base fluids, which has been reported in
the literature.27

The effect of ions on the viscosity of the electrolyte was
studied. To understand the viscosity of electrolyte solutions,
Falkenhagen and Vernon28 proposed an electrostatic model
describing the distribution of ions in relation to electrolyte
solutions and viscosity of dilute solutions of strong electrolytes.
Kaminsky29 reported the viscosity of aqueous solutions of
strong electrolytes at different temperatures and concentrations
to investigate how viscosity changes of aqueous solutions
depend on interionic forces and particularly on ion−solvent
interactions. Electrokinetics has been utilized to design matrix
low-concentration acid stimulation and has been proven to be
a useful approach for EOR or IOR application.30,31 According
to the Arrhenius ionic theory, the molecules of electrolytes in
aqueous solution (seawater) spontaneously dissociate to form
cations (Na+, Ca2+, and Mg2+) and anions (Cl−, SO4

2−, and
HCO3

−). Wang et al.32 have explained the behavior of polymer
viscosity in different seawater formulations using the DLVO
theory. It is reported that when the electrolyte (HPAM) is
added to solutions, the dissociated cations from salt can
compress the thickness of the electrical double layer (EDL) of
HPAM, leading to the reduction in the charge of the HPAM
molecule, which in turn results in a decrease in the interaction
between the polymer chains and subsequent reduction in the
viscosity of the polymer solution.32 It is also mentioned that
the divalent cations are more effective in shielding the negative
charge on the HPAM molecule chain due to higher charge
densities of divalent cations (Ca2+, and Mg2+) compared to
ionic cations (Na+).32

An interesting phenomenon is that, with divalent ions, the
polymer viscosity reduction with an increasing shear rate was
lower (Figure 6). At a low shear rate, the polymer molecule
coils were compacted in the base fluid without divalent ions.
When the shear forces increased owing to the high shear rate,
the compacted polymer coils were forced apart, leading to a
reduction in polymer viscosity. If there are divalent ions in the
base fluid, even at low shear rates, the divalent cations will
effectively shield the negative charge on the polymer molecule
chain, thus shrinking the EDL and hydraulic radius of the
polymer molecules and leading to a lower viscosity. The
increasing shear forces due to the higher shear rate will further
separate the coils and lower the viscosity, but the viscosity
difference due to shear rate elevation will not be observed in
the low-divalent-ion case. Electrochemical mechanisms, such as
the EDL, play an important role in analyzing the interactions
between injecting chemicals during EOR. Olayiwola and
Dejam33 developed a mathematical model to describe the
surface tension/IFT for different systems of nanoparticles
(NPs), surfactants, and electrolytes, in which the cohesive
energy, EDL effect, and dipole−dipole interaction of NPs and
electrolytes. Olayiwola and Dejam34 also reviewed the
interaction mechanisms of NPs with the low salinity water
(LSW) and surfactant for EOR, including the EDL effect. The
aggregation mechanism of NPs occurring when 3 wt % of NaCl
is added to 0.5 wt % of silica NPs is also reviewed and
attributed to screening charges and the EDL because of high
salinity.35

To avoid chemical degradation, diluting the seawater or
stripping out the divalent cations from seawater to reduce the
salinity and hardness of the base fluids might help maintain
polymer viscosity. The latter approach might be more efficient
but requires more investment in surface facilities.

Under a constant shear rate of 10 s−1, the effect of
temperature on the polymer viscosity was studied at temper-
atures ranging from 25 to 60 °C, as illustrated in Figure 7.

Under the same conditions, the polymer viscosity, in
descending order, was SW/2-HS > SW-HS > SW/2 > SW.
Thermal degradation refers to the free radical breakdown of
the acrylic backbone, leading to molecular weight reduction
and viscosity loss, while chemical degradation refers to the
hydrolysis of polymer functional groups.26,36

From the perspective of chemical degradation, hydrolysis of
the amide moiety would cause anionic charges on the acylate
moieties, which would increase the hydrodynamic radius and
hence the polymer viscosity. The acrylate moieties with anionic
charges are strongly associated with cations, and the solution
viscosity decreases toward the viscosity of the non-hydrolyzed
polymer.21,23 From the perspective of thermal degradation, the
free radical breakdown of the acrylic backbone also took place,
exhibiting viscosity loss with elevated temperatures.21 The
intergaretd effect of chemical degradation and thermal
degradation would lead to the viscosity drop, which has been
reported in the literature.7,20,22,24−26

The effects of the shear rate, salinity, and hardness of the
base fluids and temperature on the SAP viscosity were
investigated. The viscosities of the four SAP solutions versus
shear rate and temperature are illustrated in Figures 8 and 9,
respectively.
Under the same conditions, the viscosities of the polymer

solutions, in descending order, were SW/2-HS > SW-HS >
SW/2 > SW. When the salinity and hardness of the base fluid
were high, the viscosity of the polymer solution decreased. In
addition, the hardness of the base fluids has a more
pronounced effect on lowering polymer viscosity. SAP SW-
HS and SAP SW/2-HS exhibited shear-thickening behavior
under a shear rate from 1 to 10 s−1. This might be due to the
extension of polymer molecules in this shear-rate region,
leading to shear-extended viscosity in addition to the initial
viscosity. A physical interaction might exist that links a few
polymer molecules together and causes an increase in viscosity.
The presence of divalent cations (Ca2+ and Mg2+) in the base
fluid may also be related to the fact that SAP SW and SAP
SW/2 did not exhibit shear-thickening features.

Figure 7. Rheology test: HPAM temperature effect, 1000 ppm.
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At a fixed shear rate of 10 s−1, the viscosity of the SAP
solutions was measured at temperatures ranging from 25 to 60
°C. The viscosity of the polymer solutions decreased with
increasing temperature. The integrated effect of chemical and
thermal degradation leads to a drop in viscosity. Initially, under
the same conditions, the polymer viscosity decreased in the
following order: SW/2-HS > SW-HS > SW/2 > SW. When the
temperature was increased above 40 °C, the viscosity of SAP
SW/2-HS became lower than that of SAP SW-HS. The
irregular viscosity loss patterns of SAP SW-HS and SW/2-HS
might be attributed to the retarding effect of high salinity on
thermal degradation.
In Table 9, the viscosities of the two polymers in typical

shear rate regions (1−15.8 s−1) are compared. From 1 to 10

s−1, the SAP polymer exhibited shear-thickening features; thus,
the viscosity increased significantly. Between 10 and 15.8 s−1,
the SAP polymer exhibited shear-thinning even though the
shear-thickening SAP at a shear rate of 15.8 s−1 still had very
high viscosities (40−78 cP). In comparison, although HPAM
had a relatively higher upper bound of the initial viscosity, it
exhibited shear-thinning features in the full shear-rate region.
Consequently, HPAM had much lower viscosities at higher
shear rates (8−21 cP at 10 s−1 and 8−18 cP at 15.8 s−1). The
SAP exhibited shear-thickening features in engineered sea-
water. However, for HPAM, engineering the formulations of
seawater only increased their initial viscosity (at 1 s−1) and
lowered their shear-thinning rate (Figures 6 and 8).
After the bulk rheology test, four HPAM solutions and four

SAP solutions were shortlisted for the upcoming formation
damage test and the oil displacement efficiency experiment.
The concentration of the polymer solution was 1000 ppm.
Eight experiments using these eight polymer solutions would
be tested under the FB-1 condition, and eight polymer
solutions would be tested under the FB-2 condition.
3.2. Formation Damage Induced by Polymer In-

jection. The results of the HPAM and SAP experiments are
shown in Figures 10 and 11, respectively. In both figures, the

Figure 8. Viscosity of SAP solutions versus shear rate.

Figure 9. Viscosity of SAP solutions versus temperature.

Table 9. Comparison of Polymer Viscosities in the Typical
Shear Rate Region (Data from Figures 6 and 8)

shear rate, s−1 1 10 15.8
viscosity range of (shear-thickening) SAP,
cP

24−34 40−119 40−78

viscosity range of HPAM 11−50 8−21 8−18

Figure 10. RRF values of HPAM solutions in porous media.

Figure 11. RRF values of SAP solutions in porous media.
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RRF values are on the Y axis and different types of base fluids
are on the X axis. In this study, eight core plugs were saturated
in FB-1, while eight core plugs were saturated in FB-2. The
RRF results were affected by the composition (salinity and
hardness) of the formation brines. The factors affecting RRF,
such as the formation brine type, polymer type, and
composition of base fluids, were analyzed.
Based on the experimental results, the key findings are the

following:
For HPAM and SAP solutions under both formation brine

conditions, the RRF was lower when the salinity and hardness
of the base fluid were lower, indicating that the formation
damage effect was more serious when the base fluid had higher
salinity and hardness. The underlying mechanisms are polymer
precipitation and fluid−rock interactions. The impact of the
ion composition on the polymer or electrolyte viscosity has
been well explained.32,37−40 The cations can shield the negative
charge on the polymer molecule chain and shrink the hydraulic
radius of the polymer molecules, leading to a lower viscosity.
Divalent cations have a more effective shielding effect and can
cause greater viscosity reduction. The polymers might
precipitate during this process, and divalent cations can lead
to more severe polymer precipitation.37 The precipitation
might become trapped in the pore space and lead to
permeability impairment. This explains the phenomenon that
with increasing salinity and hardness, not only the viscosity of
the polymer solutions decreased but also the RRF increased
(more formation damage). The other potential mechanism is
the fluid−rock interaction. Bishop41 investigated the formation
damage of sandstone induced by injection of high-salinity brine
through core-flooding experiments and found that high-salinity
brine invasion caused flocculation of the pore lining clays and
led to significant permeability impairment. The cations,
especially divalent cations (HPAM SW-HS case), might
interact with negatively charged sandstone and lead to
permeability impairment. This might also cause a higher
RRF when using polymer base fluids with high salinity and
hardness. For the HPAM solutions, from the FB-1 condition to

the FB-2 condition, the RRF has a decreasing trend, except for
HPAM SW-HS. This might be attributed to the fact that the
contact of FB-2 with residual polymers accelerated the
breakdown of polymer molecules, leading to less formation
damage. Another potential explanation is that the presence of
FB-2 reduced the ion interaction between the polymer solution
and porous media.
Under the same temperature and formation brine con-

ditions, the RRF values of the SAP polymer solutions were
much lower than those of the HPAM polymer solutions. The
supporting evidence is that the lower molecular weight of SAP
(0.5 million Daltons) compared with that of HPAM (15
million Daltons) might contribute to less mechanical entrap-
ment of SAP molecules, leading to less formation damage.
Based on the current experimental data, the integrated

benefits of better mobility control ability and less formation
damage effect make SAP a better candidate for polymer core-
flood experiments and potential EOR applications.
The polymer solutions for the oil displacement efficiency

experiments were further shortlisted according to the results of
the bulk rheology tests and formation damage tests. Under
both formation brine conditions, four SAP solutions (SAP SW,
SAP SW-HS, SAP SW/2, and SAP SW/2-HS) and one HPAM
solution (HPAM SW) were used to investigate the polymer
flooding effect on the oil displacement efficiency.
3.3. Oil Displacement Efficiency Study. The displace-

ment efficiency results are summarized in Figure 12.
The Y axis of this figure is the oil displacement efficiency,

including the displacement efficiency of 0.4 PV polymer
injection and final displacement efficiency. The X axis
illustrates the five polymer solutions used in the experiments;
the blue color represents the FB-1 condition, and the orange
color represents the FB-2 condition. Ten oil displacement
efficiency experiments were conducted. Overall, the displace-
ment efficiencies of the SAP solutions were higher than those
of the HPAM solutions. The highest DE was 69.04% when
SAP SW/2-HS was used under the FB-1 condition.

Figure 12. Oil displacement efficiency after polymer flooding.
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3.3.1. Case I: HPAM SW. Figures 13 and 14 illustrate the
DE, water cut, and pressure drop vs the injected PV of the

polymer solution. The first condition was FB-1, and the second
was FB-2. First, around 1.6 PV of polymer was injected with
the 1 ft/day flow rate followed by 2 PV of next injection rate.
The DE for each experiment was then recorded.
According to Figure 12, the displacement efficiency after 0.4

PV of polymer injection and the final DE are lower than those
of the other SAP experiments. This indicates the lower
mobility control ability of HPAM, which may be related to its
degradation in porous media and shear-thinning features. The
shear-thinning feature of HPAM was observed in the bulk
rheology test (Figure 6), and serious formation damage was
reflected in the high RRF values calculated from the formation
damage test (Figure 10).
3.3.2. Case II: SAP SW. Figures 15 and 16 illustrate the DE,

water cut, and pressure drop vs injected PV of the SAP SW
experiments in each formation brine condition.
Figure 12 illustrates that the displacement efficiency of SAP

SW after 0.4 PV of polymer injection is higher than those of
the HPAM experiments, especially under the FB-1 condition.
This indicates that compared with HPAM prepared in
seawater, the SAP prepared in seawater might have a higher

EOR performance. Thus, it may be able to produce the oil
more efficiently. In addition, less formation damage was
reflected by the lower RRF values compared with the HPAM
solutions under the same conditions (Figure 10).
3.3.3. Case III: SAP SW-HS. Figures 17 and 18 illustrate the

DE, water cut, and pressure drop vs injected PV of the SAP
SW-HS under each formation brine condition.
According to Figure 12, the final displacement efficiencies

under both FB conditions were similarly high. Additionally, the
displacement efficiencies of 0.4 PV polymer injection under
both FB brines conditions are similarly high. This indicates the
high EOR performance of SAP SW-HS and low formation
damage. The displacement efficiencies were not significantly
affected by the FB brines.
Regarding the RRF values under both formation brine

conditions from the formation damage test (Figure 10), the
RRF under the FB-1 condition was lower than that under the
FB-2 condition. This indicates lower formation damage under
the FB-1 condition, even when the EOR performance is
similar.
3.3.4. Case IV: SAP SW/2. Figures 19 and 20 illustrate the

DE, water cut, and pressure drop vs injected PV of the SAP
SW/2 under each formation brine condition.

Figure 13. HPAM SW in FB-1: DE, WC, and pressure drop vs
injected PV.

Figure 14. HPAM SW in FB-2: DE, WC, and pressure drop vs
injected PV.

Figure 15. SAP SW in FB-1: DE, WC, and pressure drop vs injected
PV.

Figure 16. SAP SW in FB-2: DE, WC, and pressure drop vs injected
PV.
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First, according to Figure 12, for this polymer solution, the
displacement efficiency after 0.4 PV of polymer injection and
the final DE are similar and in a high range under both
formation brine conditions. This indicates that SAP SW/2 has

high EOR performance and low formation damage (Figure
10). Second, when comparing the RRF values of this case with
the RRF values of the SAP SW-HS case from the formation
damage test, it was found that under the FB-1 condition, SAP
SW-HS had a much lower RRF. This indicates that although
the DE performance is similar, SAP SW/2 caused more
formation damage than SAP SW-HS.
3.3.5. Case V: SAP SW/2-HS. The last case is the SAP SW/

2-HS under each formation brine condition. Figures 21 and 22
illustrate the DE, water cut, and pressure drop vs injected PV
of polymer solution. he first one was the FB-1 condition, and
the second one was under the FB-2 condition.

First, according to Figure 12, for this polymer solution, the
displacement efficiency after 0.4 PV of polymer injection is the
highest under both formation brine conditions. In addition,
both final DEs were in a high range, and especially under the
FB-1 condition, the final DE was the highest among all
experiments. This indicates that SAP SW/2-HS has the highest
EOR performance with low formation damage, which is in line
with the shear-thickening behavior of SAP indicated by the
bulk rheology test (Figure 8) and RRF of SAP (Figure 10).
Second, comparing the performance with SAP SW, under both

Figure 17. SAP SW-HS in FB-1: DE, WC, and pressure drop vs
injected PV.

Figure 18. SAP SW-HS in FB-2: DE, WC, and pressure drop vs
injected PV.

Figure 19. SAP SW/2 in FB-1: DE, WC, and pressure drop vs
injected PV.

Figure 20. SAP SW/2 in FB-2: DE, WC, and pressure drop vs
injected PV.

Figure 21. SAP SW/2-HS in FB-1: DE, WC, and pressure drop vs
injected PV.
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formation brine conditions, the displacement efficiencies of
SAP SW/2-HS after 0.4 PV of polymer injection and final DE
were much higher than those of SAP SW. In addition, the
major displacement efficiency difference was from the period
of 0.4 PV polymer injection, which was around 6−7%. The
incremental oil DE from 0.4 PV to the end of polymer
injection was similar under each formation brine condition. An
indication is that the SW/2-HS contributed to higher
performance of SAP mainly in the first 0.4 PV of polymer
injection.
3.4. Discussion. Ten core-flood experiments were

conducted to investigate the EOR performance of HPAM
and SAP prepared in different engineered brine formulations
under harsh reservoir conditions.
The improved oil recovery potential due to the shear

thickening of SAP polymer solutions compared to the regular
HPAM polymer was proven in this study. Under FB-1 (lower
salinity and hardness) and FB-2 (higher salinity and hardness)
conditions, SAP prepared in hardness-stripped brine (SW/2-
HS, SW-HS) achieved the highest displacement efficiency.
This can be attributed to the shear-thickening feature of SAP.
Under both formation brine conditions, SAP SW/2-HS
exhibited the highest EOR performance followed by SAP
SW-HS (Figure 11). The better EOR performance when using
hardness-stripped brine to prepare polymer solutions validated
the results that divalent cations played an important role in
lowering the polymer viscosity and causing more serious
formation damage.

4. SUMMARY AND CONCLUSIONS
This study comprehensively investigated the EOR performance
of normal HPAM and shear-thickening polymer SAP prepared
in different formulations of engineered brines under harsh
conditions (high temperature and high salinity) using 10 core-
flooding experiments. It was confirmed that the shielding effect
of cations on the negative charge of polymer molecules is
responsible for polymer viscosity reduction, and divalent ions
have a more pronounced impact. The potential precipitation of
polymers in porous media caused by the shielding effect of
cations, especially divalent cations, can also cause plugging and
lead to additional formation damage. SAP exhibited shear-
thickening behavior in bulk rheology tests compared to the
power-law behavior of HPAM, which resulted in better

recovery efficiency in the core-flooding experiments. The
conclusions of this study are as follows:
(1) HPAM shows shear-thinning behavior in the shear rate

region from 1 to 400 s−1 and exhibits a power-law
behavior. In contrast, SAP prepared in hardness-stripped
brine exhibits shear-thickening behavior in the low shear
rate region (from 1 s−1 to approximately 10 s−1). Short-
term thermal degradation occurred in both the HPAM
and SAP.

(2) Cations in engineered brine have a shielding effect on
the negative charge of the polymer molecular chain and
can shrink the EDL of the polymer, resulting in a
reduction in polymer viscosity. Divalent ions have a
more pronounced impact on reducing polymer viscosity
because of the higher density of charges.

(3) In the presence of divalent cations, the reduction in
polymer viscosity with the increasing shear rate was
lower. Even under a low shear rate, the divalent cations
effectively shrink the EDL and thus cause lower
viscosity, which makes the potential of further lowering
the polymer viscosity (by increasing shear rates) much
smaller.

(4) The shielding effect of cations, especially divalent
cations, can cause polymer precipitation, resulting in
plugging of the pore space and thus permeability
impairment. Another potential mechanism of the higher
RRF due to high salinity and hardness might be that the
interaction between cations (especially divalent cations)
and negatively charged sandstone can cause permeability
impairment.

(5) The formation damage caused by SAP is lower than that
caused by HPAM, which can be attributed to the lower
molecular weight of SAP compared to HPAM. The
presence of more cations in FB-2 may reduce the ion
interaction between the polymer solution and porous
media, leading to a relatively lower RRF.

(6) In core-flooding experiments, the SAP prepared in
hardness-stripped brine (SW/2-HS and SW-HS)
achieved the highest displacement efficiency. This
demonstrates the effectiveness of the shear thickening
feature on the EOR. By combining these conclusions,
the role of divalent cations in lowering polymer viscosity
and causing more serious formation damage has been
demonstrated. The ionic composition of the base fluid
should be engineered to prepare a polymer solution for
EOR implementation under specific reservoir condi-
tions.

Based on the current experimental conditions, the SAP
polymer demonstrated a good potential for EOR performance.
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■ NOMENCLATURE
γw=shear rate [s−1]
q=flow rate [cm3/s]
A=cross-sectional area [cm2]
K=absolute permeability [cm2]
λw=water phase mobility
λw, initial=brine mobility before polymer injection
λw, af ter polymer=brine mobility after polymer injection
Δp=pressure drop during injection of brine [atm]
Δp(brine before polymer)=pressure drop measured during brine
injection prior polymer flooding [atm]
Δp(brine af ter polymer)=pressure drop measured during brine
injection after polymer flooding [atm]
ko=oil permeability [D]
μ=dynamic viscosity of crude oil [cP]
L=length of core plug [cm]
A=cross-sectional area of the core plug [cm2]
DE=oil displacement efficiency
Vot=cumulative oil production [cm3]
Swir=irreducible water saturation
Vp=pore volume of core plug [cm3]
Wc=water cut
Vo=oil production in specific duration [cm3]
Vw=water production in specific duration [cm3]
η=viscosity of fluid [Pa.s]
K=consistency index [Pa·s]
γ̇=shear rate [s−1]
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