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ABSTRACT: Shale gas is a typical unconventional energy source and recently has received great attention around the world. Unlike
conventional natural gas, shale gas mainly exists in two forms: free state and adsorbed state. Therefore, geologists have proposed the
concept of gas content. The traditional calculation methods of gas content can be summarized as on-site gas desorption, logging
interpretation, isothermal adsorption, and so on. However, all of the methods mentioned above have their shortcomings. In situ gas
content is a new concept in the calculation of the gas content. In this paper, the in situ gas content is defined as the gas content
obtained by direct measurement of core gas production through experimental or mathematical simulation of original reservoir
conditions. In this work, a method to calculate the in situ gas content of shale is provided, which includes two parts: numerical
simulation of the coring process and a gas content experiment. Compared with previous gas content prediction methods, this article
considers the influence of the temperature field on gas content both in mathematical modeling and experiments. Then, the gas
content of the Longmaxi Formation shale in the Sichuan Basin was calculated using both methods as an example. The results show
that (1) the numerical model was considered to be reliable by analyzing the effects of coring speed and permeability on the loss of
gas; (2) the total gas content predicted by numerical simulation of the coring process and the gas content experiment are
approximately equal, with values of 5.08 m*®/t and 4.95 m®/t, respectively; (3) the total gas content of the USBM method is only 4.28
m®/t, which is significantly lower than the above methods. In summary, this study provides an in situ gas content prediction method
for shale from both mathematical modeling and experiments. The mutual verification of theory and experiment makes this method

highly reliable.

1. INTRODUCTION types of gas content prediction methods, each has its own
With the increasing demand for energy over the years, there is flaws.

an urgent need to develop unconventional oil and gas First, we used on-site gas desorption. After years of
resources. Shale gas has become one of the leading natural development, the measurements of desorbed gas are becoming
gas resources in North America and China. The U.S. Energy more accurate. And the remaining gas content is getting
Information Administration (EIA) estimates that in 2022, U.S. smaller and smaller. However, too many errors and

shale gas production was about 807 billion cubic meter (cbm).
In the same year, China’s shale gas production was about 24
billion cubic meter (cbm).

Gas content is a significant parameter for gas-bearing
evaluation, sweet-spot selection, resource calculation, EUR
prediction, economic evaluation, etc.' ™ As is known to all, the
gas content can be analyzed by a number of methods
qualitatively or quantitatively. These methods can be
summarized as follows: (1) on-site gas desorption; (2) logging
interpretation; (3) isothermal adsorption.” Looking at various

uncertainties occurred in the estimation of lost gas content,
such as the USBM method® and the ACF method®. So, the gas
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content obtained from on-site desorption is still questionable.
Second, the logging interpretation. Predicting the gas content
of shale or coal by means of logging interpretation’ '’ is a
serious challenge of conventional methods. These methods can
calculate the gas content of shale quickly. But the
disadvantages of these methods are also obvious. The logging
interpretation method is an indirect method for calculating gas
content, and its results are quite uncertain. Third, isothermal
adsorption. The calculation of gas content in shale by the
isothermal adsorption method began in the 1980s. But there
are two problems in these methods: First, the specific surface
of the shale powder is much larger than that of the core,
resulting in a larger adsorption area. Second, methane
adsorption reaches saturation under experimental conditions
but may not reach saturation under real reservoir conditions.
So, the results of isothermal adsorption represent only the
maximum adsorption capacity. In conclusion, all of the
methods mentioned above have their shortcomings.

According to previous research, the gas content of shale is
affected by following many factors:"'~'” 1) type, maturity, and
abundance of organic matter; 2) mineral type and content of
shale; 3) pore structure and pore volume; 4) formation
temperature and pressure conditions. In situ conditions
preserve the original state of the shale as much as possible.
In this paper, in situ gas content is defined as the gas content
obtained by direct measurement of core gas production
through experimental or mathematical simulation of original
reservoir conditions. That is to say, these methods emphasize
the simulation of the original conditions, especially for
temperature and pressure.

The significance of the in situ conditions for the calculation
of gas content in this paper is reflected mainly in two aspects.
First, the cooling shrinkage of the shale pore system is
avoided.'® Therefore, the experimental porosity is similar to
that of the original formation porosity. Therefore, the free gas
content can be accurately simulated. Second, since the
experimental temperature is equal to the formation temper-
ature, the pore surface properties are the same as the formation
conditions. So, the adsorbed gas content can be accurately
simulated too. As it is well-known that shale gas is mainly
composed of free gas and adsorbed gas. Therefore, this work
can accurately predict the gas content of shale and then
support the resource calculation and the formulation of gas
field exploration solutions.

Previous studies have been conducted on the in situ gas
content. There are two main types of in situ gas content
prediction methods, namely, simulation of lost gas during
coring”'”'¥* and pressure-holding coring.”" The first type of
method commonly tries to calculate the loss of gas during
coring by building mathematical models. The total gas content
of the shale can be obtained by adding the loss of gas and on-
site desorption gas. However, the above methods have been
widely questioned due to a lack of experimental verification.
The second type of method attempts to maintain the core
pressure during coring by using pressure-holding coring
technology. If the core cylinder is well airtight, the gas
released represents the gas content of the shale. But, the
pressure-holding coring process is too expensive, so it is
difficult to be widely used.

In this work, a new in situ gas content prediction method for
shale is constructed and verified by calculating the gas content
of the Longmaxi Formation shale in the Sichuan Basin, which
includes two parts: numerical simulation and experiment. In

the example, the gas content of shale was calculated by
numerical simulation and experiments, respectively. Then, the
predicted results of the two parts together with the USBM
method and pressure-holding coring are compared. The total
gas content predicted by the numerical simulation of the
coring process and the gas content experiment are approx-
imately equal. The results of the USBM method and pressure-
holding coring are lower than that. In order to further verified
the practicability of the numerical model. The model is used to
analyze the effects of the clogging speed and core permeability
on the loss of gas, and the results are considered to be reliable.
In other words, the combination of numerical simulation and
experiment makes the gas content of shale predicted by the
new method reliable and accurate.

2. METHODS

Based on the above analysis, this work aims to provide a
method to calculate the in situ gas content of shale. This
method includes two parts: the numerical simulation of the
coring process and the gas content experiment. In the first part,
the total gas content is calculated by simulating the loss of gas
during coring. In the second part, we simulate the original
formation conditions, measure the core gas production by
experiments, and then calculate the total gas content. The
numerical simulation method (part 1) and the experimental
method (part 2) are mutually verified.

2.1. Gas Content Prediction Method Based on the
Coring Process. During heating, the loss of methane varies
with pressure and temperature. In order to calculate the loss of
methane in the coring process, a mathematical model is
established and the numerical calculation is made. The core is
considered to be a cylinder in this model, as shown in Figure 1.

well head

wellhole

core .|

well bottom

Figure 1. Diagram of the coring process.

The gas composition of shale gas is mainly methane, and the
occurrence mode is the coexistence of free gas and adsorbed
gas.”** The microscopic flow mechanism of shale gas is very
complicated. But it is generally believed that under typical
shale gas reservoir conditions, shale gas flows are mainly
viscous flow, slippage flow, and weak transition flow.”*** That
is to say, the microscopic flow of shale roughly follows Darcy’s
law. Due to the short duration of the coring process, generally
3—5 h, the change of porosity during the coring process is
ignored in this study. As for the seepage direction of methane
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in the core, since the length of the core is much larger than the
diameter, the pressure gradient is mainly reflected in the radial
direction. There is a large amount of adsorbed gas in the core.
The desorption of adsorbed gas can maintain the core
pressure, and the duration of the coring process is short. So,
this study assumes that the core center is the constant pressure
boundary.

The model is based on the following basic assumptions:

1. Shale gas contains only methane and no other chemical
components.

2. Methane exists in the core pores in the form of free gas
and adsorbed gas.

3. Methane flow in the core pores is consistent with Darcy’s
law.

4. Core porosity remains constant during coring.

5. Methane escapes radially through the core, ignoring its
axial flow.

6. The temperature and pressure of the core center remain
constant during coring.

Based on the above assumptions, the flow of free gas in the
core is simplified as a one-dimensional radial seepage. In this
part, the calculation of the temperature field and pressure field
will be discussed, respectively.

2.1.1. Temperature Field. The heat conduction equation in
polar coordinates is shown as follow:*®

o _ 11(,01) _OT 10T
ot r or\ or or? r or (1)

where T is temperature, ¢ is time, and r is distance from the
core center.
The initial condition is shown as follow:

Tl_o = T,(0<r <R) @)

where T,, is well bottom temperature.

It is assumed that the core center temperature is always
equal to the formation temperature, and the core surface
temperature is equal to the mud temperature. The boundary
conditions are shown as follows:

Tl_, =T(t>0) (3)

r=r,

Tl _,

r

T,(t>0) (4)

where r, is the radius of core and T. is the mud temperature.

The core surface temperature is always equal to the
temperature of the drilling mud at the same depth. So, the
subsidiary equation is shown as follow:

(Tw - Tsc)vlt
h,, (s)

where T, is land surface temperature, v, is the velocity of core
lifting, and h,, is well depth.

2.1.2. Pressure Field. The state equation, motion equation,
continuity equation are shown as follows:”’

L=T,-

_ M
%= Rrz (6)
__kop
Ky O ()
apd) 14
g
+ - =0
ot r or (rng) (8)

where p, is the density of methane, p is pressure, M is the
molar mass of methane,R is the universal gas constant, Z is the
compressibility factor, v is the seepage velocity, k is the
permeability of core, y, is the viscosity of methane, and ¢ is the
porosity of core.

Substitute the state equation and the motion equation into
the continuity equation.

¢ip&)_£i_ﬂ;@
ot\TZ r or /,ngZ or )

Since p, T are functions of ¢ at the same time Z is the
function of p and T, the derivative of a composite function is:

gl o)

o\ Tz 172 ot TZ %o (10)
where C,r is the isothermal compression coefficient of gas and
Cgp is the isobaric expansion coefficient of gas.

1|0V
P )r (11)
1 (W)
® = ylar
v\oT p (12)
The initial condition is shown as follow:
pioo =p,(0<r<R) (13)
where p,, is the well bottom pressure.
The boundary conditions are shown as follows:
pc = p|r=rc = pfg(hw - vlt) (t Z O) (14)
py=pheo=p, (t20) (15)

where p, is core surface pressure, p;is the mud density, p, is the
core center pressure.

After the calculation of the temperature field and pressure
field, the loss of free gas is calculated according to the variation
of the core pressure field and temperature field. The cylindrical
core is divided into several fan-shaped parts along the axis.
Figure 2 shows one of them. Divide the fan-shaped core into n

r(mm)
center

surface

n

Figure 2. Diagram of the radial division of core.

blocks equidistantly from the center to the surface. Assuming
that the area of the first part is 1. The area of block i and its
proportion of the fan-shaped core is shown as follows:

S =2i—-1 (16)
2i— 1
143+ ~+2n-1 (17)

where §; is area of block i, P; is the block i’s proportion of the
fan-shaped core.

According to the theory of molecular thermodynamics, the
pore pressure is caused by the thermal movement of free gas.

i
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The relationship between the pressure and the number of
molecules is linear. Therefore, in this study, the loss of free gas
is calculated based on the pore pressure.

The calculation of the loss of free gas is shown as follow:

([ % _ 2Y
Gloss_free = Z (0— R

Z\\zrT,  zZRT,
2i — 1
V! (V)
1+34++2n-1 (18)

where Gy gee is loss of free gas during coring, p, is initial
pressure of core, p; is the final pressure of block i, T, is the
initial temperature of the core, T; is the final temperature of
block i, V, is the volume of pore, V,, is the molar volume of
methane at standard conditions, V, is the volume of core, and
p, is the density of core.

Divide both the numerator and denominator by V,

Glossffree = Z ( pod) - ﬂ]

i=1

ZRT,  ZRJ,
2i — 1

The calculation method of the free gas loss has been
introduced above. The loss of the adsorbed gas is calculated by
isothermal adsorption. According to the theory of isothermal
adsorption, the content of adsorbed gas is a monotonically
increasing function of pressure, as shown in Figure 3.

3

2.5

2

1.5

1

0.5

adsorbed gas content (m3/t)

0 10 20 30 40 50

pressure (MPa)

Figure 3. Typical isothermal adsorption curve.

The calculation of the loss of adsorbed gas is shown as
follow:

where Gy o4, is the loss of adsorbed gas.
The total loss of gas during coring is shown as follow:

Gloss = Gloss_free + Gloss_ads (21)

where Gy, is the total loss of gas.
The total gas content is:

G= Gloss + Gdes (22)

where G is the total gas content and G, is the on-site
desorption gas content.

2.2. Gas Content Prediction Method Based on the In
Situ Gas Content Test. In this part, the formation
temperature and pressure conditions are created in the
laboratory. The core was placed in a sample tank, heated to
the original formation temperature, and saturated with
methane to the original formation pressure. Wait for several
days until the pressure is stable. Add back pressure at the outlet
of the sample tank and, at the same time, inject kerosene from
the inlet of the sample tank to replace the excess methane and
avoid the influence of this part of the methane on the
experimental results. A separator tank is arranged between the
sample tank and the water tank for separating discharged
kerosene and methane. During the experiment, methane in the
sample tank is gradually discharged, and the sample tank
pressure, water production, and oil production will be recorded
too.

According to Yu Lingjie’s28 research on shale gas, when the
pressure is higher than the saturation pressure the adsorption
gas volume does not change much. Based on this
phenomenon, Yao Guanghua et al.”’ proposed a method for
measuring the gas content of shale named the prepressurized
test. So in this study, the experiment is repeated twice with
different pressures in order to calculate the amount of
adsorbed gas and free gas, respectively.

According to the aim of the experiment outlined above, the
flow diagram of the in situ gas content test is shown as Figure
4.

The whole steps of the in situ gas content test are as follows:

(1) The core was placed in the sample tank and heated to
the original formation temperature. Open valves 2, 3, and 6,
pump CH, into the tank until the tank pressure reaches the
original formation pressure. Wait for several days until the
pressure is stable. Close valves 2, 3, and 6.

(2) Add back pressure at the outlet of the sample tank at the
same time open the valves 1, 4, 5, 6, 7, and 8, pump kerosene
into the tank until no methane is produced at the outlet. Close
the valves 1, 4, 5, 6, 7, and 8.

(3) Open the valves 6, 9. Sample tank pressure, gas
production, and kerosene production should be recorded

Gloss_ads = Gads(pz) Gads(pl) (p, > pl) (20) during the experiment.
3
7 back-pressure valve
4 )
1. Y7 | Az : ‘ measuring
He —oT] s cup
D) He i
CH, H epargtion
|| i pot
keroser ! : i [ S
0o i water
_____________ ! pot
pump 5

Figure 4. Flow diagram of the in situ gas content test.
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(4) Increase the sample tank pressure and repeat steps
(1)2212(3).

Assumed that the free gas content is linearly related to the
reservoir pressure. The total gas content can be expressed as
follows:*”

TZ,
G =A+ h v,
pTZ, (23)
T
G = A+ p, SZSVP
212, (24)

where G,,G, is total gas content, p,, p, is the pressure of two
experiments, A is adsorption gas content, V), is volume of pore,
T is the temperature of experiments, Z;, Z, is compression
factors of two experiments, p, is the pressure at standard
conditions, T is the temperature at standard conditions, Z; is
the compression factor at standard conditions.

Let
_ pTZ
L=
pTZ, (25)
_ pI1Z
, = 22—
pT1Z, (26)
the total gas content can be expressed as follows:
Gl =A+ Bl‘/p (27)
G, = A+ BV, (28)

Solve the above equations, A and V|, can be expressed as
follows:

A= B,G, — B|G,
B, — B, (29)
G, -G
iy
2 1 (30)

Therefore, the total gas content under any pressure can be
calculated using the following formula

G=A+BY, (31)

3. RESULTS AND DISCUSSION

In this part, the numerical simulation method and the
experiment method mentioned above are used to calculate
the in situ gas content of Longmaxi Formation shale in the
Sichuan Basin. The basic parameters of the core are shown in
Table 1.

Table 1. Basic Parameters of the Shale Core

parameters value
rate of coring 0.1 m/s
radius 0.05 m
porosity 5%
k 0.0001 mD
depth 3955 m
pressure factor 14
reservoir pressure 5SS MPa

3.1. Prediction Example of In Situ Gas Content
(Numerical Simulation). In this section, two works will be
conducted. First, the gas content of the shale mentioned above
is calculated by the numerical simulation. And then, the
practicability of the mathematical model is analyzed by
changing the permeability and coring speed.

3.1.1. Calculation of the Gas Content of Shale. As the
shale core approaches the wellhead during the coring process,
the variations of core pressure and temperature from the core
center to the surface are shown in Figure S. During coring, the
core pressure gradually decreases. And the closer it is to the
surface of the core, the more significant the decrease in
pressure. The decrease in core temperature also follows the
same pattern. Divide the core evenly into 10 parts, from the
center to the surface, as shown in Figure 6. Based on the
numerical simulations of the temperature field and pressure
field, p, and p; are listed in Table 2. Then calculate the gas
content according to formula 19. Loss of free gas is 3.78 m’/t,
loss of adsorbed gas is 1.04 m*/t, and on-site desorption gas is
0.26 m*/t, so the total gas content is 5.08 m®/t (Figure 7).

3.1.2. Verification of the Mathematical Model. In order to
verify the practicability of the numerical model further, in this
part, the model is used to analyze the effects of the coring
speed and permeability on the loss of gas. The above Longmaxi
Formation shale is still taken as an example, as shown in Table
1.

3.1.2.1. Effects of Coring Speed on the Loss of Gas. With
other parameters unchanged, the coring speed is set to 0.01,
0.05, 0.1, 1, and 2 m/s in sequence. The variations of core
pressure and temperature from the core center to surface are
shown in Figures 8 and 9.

The core temperature decreases during coring, and the
slower the coring, the more obvious the decrease is. When the
coring speed is slower than 0.1 m/s, the heat conduction is
sufficient, so the influence of the coring speed on the
temperature field is not obvious. With the acceleration of
coring speed, the core surface temperature changes rapidly,
and the heat conduction is gradually insufficient, so the
influence of coring speed on the temperature field becomes
obvious. The core pressure decreases during coring, and the
slower the coring is, the more obvious the decrease is. Similar
to the effect of coring speed on the temperature field, when the
coring speed is slower than 0.1 m/s, the effect of coring speed
on the pressure field is not obvious, but with the increase of
coring speed, the effect gradually appears.

According to the steps described in 3.1.1, as the coring speed
gradually increases, the corresponding loss of gas is 4.98m’/t,
491m’/t, 4.82m%/t, 3.53m>/t, and 1.88 m?/t, respectively.

3.1.2.2. Effects of Permeability on the Loss of Gas. With
other parameters unchanged, the permeability is set to 0.00001
0.00005, 0.0001, 0.001, and 0.01 mD in sequence. The
variations of the core pressure and temperature from the core
center to surface are shown in Figures 10 and 11.

The lower the permeability of the core is, the slower the
pressure drop is during coring. Cores with permeability of
0.0001, 0.001, and 0.01mD have little difference in the pressure
field at the same coring speed, because the mud pressure plays
an important role in preventing the gas escape of the core. The
change of permeability has no effect on the temperature field.

According to the steps described in 3.1.1, as the permeability
gradually increases, the corresponding loss of gas is 3.65m>/t,
4.33m%/t, 4.82m>/t, 4.89m>/t, and 4.97m>/t, respectively.
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3.2. Prediction Example of the In Situ Gas Content 0 10 20 30 40 50

(Experiment). In this part, the numerical simulation method
and the experimental method are used to predict the in situ gas
content. The shale of the Longmaxi Formation in the Sichuan
Basin is also taken as an example.

Table 3 presents the related data of the two experiments.
According to formula 30 and 31, A is 1.226 m®/t and V, is
0.011 m®. Substitute A and V, with formula 32.

As a result, the total gas content at S5 MPa is 4.95 m®/t.
Free gas content and adsorbed gas content are 3.72 m*/t and
1.23 m*/t, respectively.

3.3. Discussion. First, compare the results predicted by the
numerical simulation and experiment with the USBM method
and pressure-holding coring. The total gas content predicted

pressure (MPa)

Figure 7. Isothermal adsorption curve of core in this example.

by the numerical simulation of the coring process and the gas
content experiment is approximately equal, with values of 5.08
m?/t and 4.95 m’/t, respectively, as shown in Figure 12. The
total gas content of the USBM method is 4.28 m*/t. The total
gas content of the pressure-preserved coring is 4.36 m*/t.
Due to the limitations of current sealing technology, part of
the methane will be lost in the process of pressure-preserved
coring. Therefore, the gas content of pressure-preserved coring
represents the lower limit of the gas content. The total gas

Table 2. Data Used for Gas Content Calculation Based on the Numerical Simulation of the Coring Process

r
percent
Po
pi
Gloss_free

Gloss_ads
Gdes
G

MPa
MPa
m?/t
m3/t
m?/t
m3/t

0 1 2 3 4

0 N 10 15 20

/ 1/100 3/100 5/100 7/100
SS SS SS N SS

SS 44.71 38.05 33.04 28.71
0 0.96 1.63 2.19 2.69

0 0 0.01 0.02 0.03
0.26

5.08

S)
25
9/100
SS
24.73
3.18
0.04
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6 7 8 9 10 total/average
30 35 40 45 N /
11/100 13/100 15/100 17/100 19/100 100/100
SS 55 SS SS SS /
20.86 16.93 12.69 7.65 0.1 /
3.66 4.16 4.72 5.40 6.43 3.78
0.08 0.21 0.50 1.18 3.25 1.04
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Figure 10. The variations of the core pressure at different permeabilities.

content of the USBM method is lower than that of the pressure coefficient is generally high (1.4—2.03) in Longmaxi

pressure-preserved coring method. If using the USBM method Formation shale in the Sichuan Basin. So, it can be seen that
for shale with abnormally high pressure, the calculation time of the USBM method cannot accurately calculate the loss gas for
gas loss is later, which might lead to the smaller gas loss.”” The shale. The total gas content predicted by the numerical
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Table 3. Data Used for Gas Content Calculation Based on
Experiments

lst 2nd
r (MPa) 23 33
T (K) 343 343
G (m®) 3.312 4.000
VA 0.9245 0.9975
B 198.01 263.31
A (m3/t) 1.226

3
Vp (m?) 0.011
madsorbed gas mfreegas m total gas content

gas content (m3/t)
w

numerical simulation
of coring process

gas content experiment

Figure 12. Comparison of results between the two methods.

simulation of the coring process and the gas content
experiment is higher than that of the pressure-preserved
coring method. This shows that the methods described in this
paper can predict the shale gas content reliably.

Second, the numerical model was considered to be reliable
by analyzing the effects of coring speed and permeability on
the loss of gas. The core temperature decreases during coring,
and the slower the coring is, the more obvious the decrease is.
The lower the permeability of the core, the slower the pressure
drop during coring. These findings indicate that the basic
assumptions of the mathematical model in the coring process
are valid.

Third, the method of combining experimental and numerical
simulation to predict the shale gas content has rarely been
reported before. Numerical simulation has a deeper and more
detailed understanding of the problem than experiments.
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However, the gas content experiment is also a crucial part of
the whole method, which confirms the results of the numerical
simulation visually.

Nonetheless, there may be a possible limitation in this study.
This study does not explore the upper limit of the shale gas
content by experiment or numerical simulation. Further
research is needed to explore the lower and upper limits of
the shale gas content and continue to narrow the gap between
them. We believe that this method will continue to improve
the accuracy of the shale gas content prediction.

4. CONCLUSIONS

This work aims to provide an in situ gas content prediction
method for shale from both mathematical modeling and
experiments. First, a gas content prediction method based on
the coring process was established using mathematical
modeling. Second, another gas content prediction method
based on laboratory simulation experiments was established
too. Third, in order to verify the practicability of the numerical
model, the model is used to analyze the effects of coring speed
and permeability on the loss of gas. Finally, the gas content of
the Longmaxi Formation shale in the Sichuan Basin is
calculated using both methods as an example. The following
conclusions can be drawn:

(1) Different from most of the past research, this paper
emphasizes the combination of theory and experiment. On the
one hand, the theoretical model is verified, and its basic
hypothesis is valid. On the other hand, the experiment
intuitively reflects the gas content of shale. The mutual
verification of theory and experiment makes this method highly
reliable.

(2) There is no doubt that the temperature has a significant
impact on the calculation of gas content. Compared with
previous gas content prediction methods, this article considers
the influence of temperature fields on gas content both in
mathematical modeling and experiments. The proposed
method for gas content prediction contributes to the accurate
calculation of the gas content.

(3) The USBM method cannot accurately calculate the loss
gas for shale because of the high pressure coefficient. The gas
content of pressure-preserved coring represents the lower limit
of the gas content. Further exploration and reduction of the
upper and lower limits of shale gas content, to approximate the
real gas content, is a direction for future research.
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Therefore, the methods described in this paper arehighly
recommended for the calculations of the gas content. This
would be a fruitful area for further work.
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B NOMENCLATURE

T temperature (K)

t time from the beginning of coring (s)

r distance from the core center (m)

T, reservoir temperature (K)

r. radius of core (m)

T, mud temperature (K)

T, land surface temperature (K)

v velocity of core lifting (m/s)

h, well depth (m)

Hg viscosity of methane (mPa-s)

2 density of methane (kg/m?)

p gas pressure in the pore (MPa)

M molar mass (g/mol)

R universal gas constant (J/mol.K)

Z gas compression factor (—)

k permeability of the core (mD)

¢ porosity of the core (—)

v seepage velocity (m/s)

Cor isothermal compression coefficient of gas (/MPa)
- isobaric expansion coefficient of gas (/K)

Do well bottom pressure (MPa)

p. core surface pressure (MPa)

Py mud density (kg/m?)

Po core center pressure (MPa)

S; area of block i (—)

12 block i’s proportion of the fan-shaped core (—)

Gloss free l0ss of free gas during coring (m?/t)

po initial pressure of core (MPa)

pi final pressure of block i (MPa)

T, initial temperature of core (K)

T, final temperature of block i (K)

v, volume of pore (m?)

V., molar volume of methane at standard condition (L/
mol)

V, volume of core (m?)

P, density of core (t/m?)

Gioss ads loss of adsorbed gas (m*/t)
total loss of gas (m*/t)

G total gas content (m?/t)

Gyes on-site desorption gas content (m3/t)
adsorption gas content (m?/t)

P, pressure at standard condition (MPa)

T, temperature at standard condition (K)

compression factor at standard condition (—)
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